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ABSTRACT 
The U.S. Environmental Protection Agency (USEPA) finalized its Clean Air Interstate 
Rule (CAIR) and Clean Air Visibility Rule emission regulations in 2005, to limit 
emissions of sulfur dioxide, nitrogen oxides and particulate matter to the atmosphere. 
USEPA replaced CAIR with the Cross State Air Pollution Rule in August 2011. 
USEPA’s Clean Air Mercury Rule regulation was vacated by the D.C. Circuit Court in 
February of 2008; however, USEPA’s “National Emission Standards for Hazardous Air 
Pollutants from Coal and Oil-Fired Electric Utility Steam Generating Units” proposed in 
March 2011 further limits emissions of mercury to the atmosphere. As a result of these 
regulations, this study used the Integrated Environmental Control Model (IECM) to 
investigate the economic competitiveness of burning select blends of Illinois high-sulfur 
bituminous and western low-sulfur Powder River Basin (PRB) coals at pulverized coal 
(PC) power plants while meeting the air emission limitations in these regulations. Since 
power plants are one of the biggest emission sources of carbon dioxide (CO2) – a main 
greenhouse gas – and thus a target for potential CO2 regulations, 90% CO2 capture from 
the flue gas using a monoethanolamine (MEA) absorption process was also evaluated 
within the IECM study. Most existing CO2 capture systems utilize absorption-based 
technology, though it is an energy intensive process. The solid adsorption method has 
potential to be competitive with the MEA absorption process, regarding energy 
conversion efficiency for a PC power plant. Therefore, a second part of this study 
investigated a process using limestone to remove 90% of the CO2 emissions at a PC 
power plant. Simulation of the limestone process was performed using ChemCAD, as a 
“proof-of-concept” study with the goal of estimating the best-case energy use of the 
process at a PC power plant.  
The IECM study showed that the most cost-effective case scenario for PC power plants 
without CO2 capture, at the 2007 market coal costs, is an Illinois mine-mouth coal for a 
650 MWe (gross) plant ($67.0/MWh) and a 70/30 PRB/Illinois coal blend for a 175 MWe 
(gross) plant ($95.0/MWh). The Illinois mine-mouth coal is most cost-effective for the 
650 MWe case due primarily to its lower coal cost compared to the other coal types. The 
lower coal cost helps compensate for the higher SO2 control cost for the Illinois mine-
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mouth coal compared to the other coal types. The 70/30 PRB/Illinois coal blend replaces 
the Illinois mine-mouth as most cost-effective when the plant size is reduced to 175 MWe  
– even though the Illinois mine-mouth coal still has a lower coal cost compared to the 
other coal types – for the following reason: the SO2 and PM control costs for the Illinois 
mine-mouth case have a higher contribution to plant cost of electricity at the 175 MWe 
plant than at the 650 MWe plant, whereas these control costs for the 70/30 PRB/Illinois 
coal blend have essentially the same contribution to plant cost at both plant sizes. The 
most cost-effective case scenario for PC plants seeking to add CO2 capture, at the 2007 
market coal costs, is the 70/30 PRB/Illinois coal blend for both a 650 MWe (gross) plant 
($133.1/MWh) and a 175 MWe (gross) plant ($177.0/MWh). The CO2 control cost for the 
70/30 PRB/Illinois coal blend is higher than the 100% Illinois and Illinois mine-mouth 
coals, due to the higher CO2 emissions inherent to burning PRB coal. However, the 
higher SO2 control costs for the 100% Illinois and Illinois mine-mouth coals, compared to 
the 70/30 PRB/Illinois coal blend, counter the lower CO2 control costs for these coals 
sufficiently to make the 70/30 PRB/Illinois coal blend most cost-effective for the 650 
MWe and 175 MWe cases.  
The ChemCAD study of the limestone process for CO2 capture at a 533 MWe (gross) PC 
power plant – 498.5 MWe (net) before installation of CO2 control – showed that the total 
auxiliary power use for a best-case scenario of limestone adsorption-desorption is 150 
MWe, compared to 175 MWe for the MEA process. The power use in the limestone 
process is attributed primarily to the CO2 compressor, followed by the air separation unit 
(ASU) required to calcine the limestone, and then the main feed pump. The power use for 
CO2 compression and the main feed pump in the limestone process is higher than the 
MEA process, and the ASU is required only for the limestone process. However, the 
power loss due to steam extraction from the power plant steam cycle for MEA 
regeneration leads to a higher total auxiliary power use for the MEA process. High 
quality carbonation reaction heat, along with other additional heat from the high-
temperature (650 - 950 °C) limestone process, is recovered for producing steam used for 
additional electricity generation. This additional generation of electricity contributes to 
higher net generation efficiency at the power plant for the limestone process (30.8%) 
compared to the MEA process (27.2%). 
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The IECM portion of this study may be used by managers of coal-fired power plants to 
assist in determining the most cost-effective approach when burning select coals while 
simultaneously meeting stack emission regulations. Law- and policy-makers may use 
results from the IECM study to evaluate mining options to lower free-on-board mine 
costs, evaluate coal transportation costs, and/or develop policy options concurrent with 
desired impacts on coal production and sales. Results from the ChemCAD portion of this 
study can be useful for assessing select CO2 control technologies regarding impact on 
energy conversion efficiency. 
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1 INTRODUCTION 
1.1 Coal Consumption in the World and United States 
Coal is second, only to liquids (including biofuels), as a primary source of energy in 
meeting daily needs throughout the world, such as electricity, heat, transportation, and 
industrial operations. Figures 1 and 2 show coal contribution to energy use worldwide 
from 1980 to 2030 and in the U.S. from 2006 to 2030, respectively. 
 
Note: Figure accessed from U.S. Energy Information Administration1 
Figure 1 World marketed energy use by fuel type on vertical axis (quadrillion British 
thermal units) vs. year on horizontal axis 
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Note: Figure accessed from U.S. Energy Information Administration2 
Figure 2 Primary energy use in U.S. by fuel type on vertical axis (quadrillion British 
thermal units) vs. year on horizontal axis 
There were a total of 472 quadrillion British thermal units (Btu) – or 498 quadrillion 
kilojoules (kJ)  –  of fuel consumed worldwide in 2006.1 Liquid fuels, which hold the 
majority of energy use worldwide and in the U.S., are consumed primarily in the 
transportation sector, and to a lesser extent in industrial applications. In 2006, natural gas 
contributed about 15% less to energy use than coal worldwide, and about the same 
energy use in the U.S.1,2 Natural gas is used primarily in the electric power and industrial 
sectors, and to a lesser extent in the commercial and residential sectors. There were 130 
quadrillion Btu (137 quadrillion kJ) of coal (6.1 gigatons short, or 5.5 gigatons metric) 
consumed worldwide in 2006, with the U.S. consuming 22.5 quadrillion Btu (23.8 
quadrillion kJ) of coal (1.1 gigatons short, or 1.0 gigatons metric), which is 17% of the 
worldwide coal use.2,3 In 2007, 92% of the coal mined in the U.S. was used for electric 
power generation within the U.S. : 44.5% of that coal was bituminous coal and 40% was 
sub-bituminous coal.4 
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1.2 Emission Regulations in the U.S. and Importance of Multi-pollutant Control 
Decisions 
The U.S. Environmental Protection Agency (USEPA) finalized its Clean Air Interstate 
Rule (CAIR) and Clean Air Visibility Rule (CAVR) emission regulations in 2005.  These 
regulations were created to limit the annual emissions of sulfur dioxide (SO2), nitrogen 
oxides (NOx) and particulate matter (PM) to the atmosphere. In December 2008, the D.C. 
Circuit Court remanded CAIR without vacatur, which left the CAIR rules in place until 
USEPA finalized a replacement called the Cross State Air Pollution Rule (CSAPR) in 
August 2011. USEPA’s Clean Air Mercury Rule (CAMR) regulation was vacated by the 
D.C. Circuit Court in February of 2008. However, USEPA’s “National Emission 
Standards for Hazardous Air Pollutants from Coal and Oil-Fired Electric Utility Steam 
Generating Units” proposed in March 2011 further limits emissions of mercury to the 
atmosphere. 
The work presented here focused on the environmental regulations to be complied with 
by 2013 and 2015 at coal-fired power plants, using Illinois regulations as a reference 
(Table 1).5,6 
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Table 1 Pollutant emission limits or practices 
Illinois Environmental Protection Agency 
(IEPA)5 USEPA
6 
Pollutant 
component 2013 2015 
New Source 
Performance 
Standards (NSPS) 
SO2 
0.33 lb/mmBtu (1.4x10-4 
kg/MJ) or 44% reduction 
from base rate of 
emissions 
0.25 lb/mmBtu 
(1.1x10-4 kg/MJ) or 
55% reduction from 
base rate of 
emissions 
2.0 lb/MWh (0.91 
kg/MWh) gross, or 
0.25 lb/mmBtu 
(1.1x10-4 kg/MJ)a 
NOx 
0.11 lb/mmBtu (4.7x10-5 
kg/MJ) or 80% reduction 
from base rate of 
emissions 
Same as 2013 
1.0 lb/MWh (0.45 
kg/MWh) gross, or 
0.126 lb/mmBtu 
(5.4x10-5 kg/MJ)a 
PM 0.03 lb/mmBtu (1.3x10
-5 
kg/MJ) 
0.03 lb/mmBtu 
(1.3x10-5 kg/MJ) 
6.4 mg/J, or 0.015 
lb/mmBtu 
Mercury 
8x10-6 lb/MWh (3.6x10-6 
kg/MWh) gross or 90% 
reduction or injection of 
halogenated activated 
carbon a,b 
Same as 2013 
2.1x10-5 lb/MWh 
(9.5x10-6 kg/MWh) 
gross a  
a “Gross” indicates gross electrical output, which means the total electrical output from 
an electric generating unit (EGU) before making any deductions for energy output used 
in any way related to the production of energy (for an EGU generating only electricity, 
the gross electrical output is the output from the turbine/generator set) 
b For Powder River Basin (PRB) sub-bituminous coal, halogenated activated carbon 
injection (ACI) rate for mercury control is 5 lb/MMacf, or 8.0 kg/106 actual cubic meter 
(acm), and for bituminous coal the ACI rate is 10 lb/MMacf (15.9 kg/MMacm) 
Even with the D.C. Circuit Court vacatur of CAMR in 2008, the mercury emission 
standard in Illinois began July 1st, 2009 – 17 other states have also implemented mercury 
emission rulings. Since the air quality control technology for one particular pollutant can 
affect other pollutants as well, power plants in the U.S. will likely choose to make 
decisions soon about their multi-pollutant control scheme. 
1.3 Bituminous and Sub-bituminous Competitive Edge 
Due to these current and new regulations, the competitive edge between western Powder 
River Basin (PRB) low sulfur sub-bituminous coal and high sulfur bituminous coal may 
change. Two major reasons for this possible change are: 1) new SO2 emission control 
imposed to the low sulfur coal adds the additional cost of flue gas desulfurization (FGD) 
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to power plants burning PRB coal; and 2) the inherent mercury oxidation capacity of 
bituminous coal makes mercury capture from the flue gas more feasible, thus making 
bituminous coal and PRB/bituminous coal blends possibly more competitive with PRB 
coal. Also, tighter limits on NOx and PM emissions may have a significant influence to 
the competitiveness between these coals under multi-pollutant control schemes. 
1.4 Potential CO2 Control 
1.4.1 CO2 Emissions and Potential Regulation 
Heat-trapping gases, or greenhouse gases (GHGs) – mainly carbon dioxide (CO2), 
methane (CH4) and nitrous oxide (N2O) – in the atmosphere due to anthropogenic 
activities contribute to global warming potential. The atmospheric concentration of CO2 
was at 392 parts per million (ppm) (mol fraction) in July 2011, up from 316 ppm (mol 
fraction) in 1959, with CH4 and N2O showing similar trends in increasing 
concentrations.7 Figures 3 and 4 show CO2 emissions from consumption of different fuel 
types worldwide and in the U.S. 
 
Note: Figure accessed from U.S. Energy Information Administration8 
Figure 3 World energy-related CO2 emissions by fuel type (billion metric tons) on 
vertical axis vs. year on horizontal axis 
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Note: Figure accessed from U.S. Energy Information Administration2 
Figure 4 CO2 emissions in the U.S. in 2006 and 2030 (million metric tons) on vertical 
axis vs. sector and fuel on horizontal axis 
The energy sector – which includes production, transformation, handling, and 
consumption of energy commodities – is the largest contributor to CO2 emissions. 
Energy-related CO2 emissions in the U.S. was 6.02 billion metric tons (6.64 billion short 
tons) in 2004, and made up 22% of global energy-related CO2 emissions.9 In 2006, the 
electricity generation sector contributed 2.33 billion metric tons (2.57 billion short tons), 
or 39%, of CO2 emissions in the U.S.1 Flue gas from coal-fired power plants contains 12-
15% CO2 by volume, and these plants are the main type of electricity generator in the 
U.S. – 1.75 billion metric tons (1.93 billion short tons) CO2, or 81% of the electricity 
generation sector.10   
These large emissions from stationary sources make coal-fired power plants a prime 
candidate for control if CO2 is regulated in the future. USEPA finalized its GHG 
Tailoring Rule in May 2010, under which facilities responsible for nearly 70 % of the 
national GHG emissions will be subject to permitting requirements. Although these 
permitting requirements do not necessarily establish GHG control measures for existing 
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sources, national GHG emission reduction goals may require significant GHG emission 
reductions from existing coal-fired power plants. One such goal is the American Clean 
Energy and Security Act of 2009, which is designed to reduce GHG emissions from 
select sources – electric generators and industrial sources, petroleum and fluorinated gas 
producers and importers, and local natural gas distribution companies – 17% below 2005 
levels by 2020 and 83% below 2005 levels by 2050.11 A regulation to limit CO2 
emissions is expected to favor the use of bituminous coal: the addition of CO2 capture 
from the flue gas makes the bituminous coal more competitive with PRB coal, because 
bituminous coal produces CO2 emissions (mass CO2 produced per unit energy produced) 
at a lower flue gas flow rate than PRB coal. 
1.4.2 CO2 Control Methods 
Sources of CO2 emissions include transportation, industrial, commercial, residential, and 
electricity generation. Among stationary sources, power plants emit the majority of CO2 
(Figure 4). Demand Side Management (DSM) is a primary consideration when evaluating 
emission reduction methods. DSM refers to all changes that originate from the demand 
side of the market in order to achieve large scale energy efficiency improvements by 
deployment of improved technologies. The International Energy Agency’s (IEA) DSM 
Program contains tools to achieve the following: 
• Reduce the demand peaks, especially when utilization of power comes close to its 
limits of availability. 
• Fill the demand valleys where production is greater than consumption, to better 
utilize existing power resources. 
• Reduce overall demand (strategic saving) in the context of delivering the required  
  energy services by use of less energy (and not a reduction in services). 
• Provide strategic growth especially to shift between one type of supply to another 
with more favorable characteristics, for example, in terms of the environment.12 
In addition to energy efficiency measures such as DSM, as well as using non-CO2 
emitting energy sources (e.g., solar, geothermal, and wind) to reduce CO2 emissions, fuel 
switching may also be employed. Fuel switching consists of replacing high-CO2 emitting 
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fuel sources with biofuels such as plants and wood waste. Consumption of biofuels is 
considered to result in zero net emissions of CO2. After DSM and renewable energy 
technologies, there are three main processes that may be employed to produce power 
from fossil fuel and then capture the CO2 emissions: post-combustion control, pre-
combustion control, and oxy-combustion. Figure 5 shows schematics of the processes to 
produce power and remove the resulting CO2 emissions. Table 2 highlights different CO2 
separation techniques and their future potential. 
 
Note: Figure accessed from International Energy Agency web site13 
Figure 5 Three main processes that may be employed to produce power from coal and 
then capture the CO2 emissions 
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Table 2 Current and future technologies for CO2 capture 
 
Note: Table accessed from International Energy Agency web site13 
For the post-combustion control process, capture of CO2 in the combustion flue gas is 
typically performed with chemical absorption and subsequent solvent regeneration.13 
Most existing CO2 capture systems utilize this absorption-based technology.13 In 
chemical absorption, a large amount of energy is required to break the solvent-CO2 bonds 
in the regeneration step: consumption of low-pressure steam for this step is equivalent to 
an estimated 0.178 kWh/kg (0.081 kWh/lb) CO2 captured for 90% recovery (using a 
proprietary solvent similar to MEA developed and tested by Mitsubishi in 2002).13 Steam 
consumption for regeneration is projected to be as low as 0.083 kWh/kg (0.038 kWh/lb) 
CO2 by 2015.13 Chen et al estimated that employing the standard MEA process at a 
standard air-blown pulverized coal (PC) plant decreases the net efficiency of power 
generation from 38% to 27.2%.14 Thus the primary challenge for the solvent-based 
systems is to recover the CO2 with a minimum energy penalty. Improvements to the 
solvent type and process design are being investigated towards this end.13 
In addition to chemical absorption, other principles of separation for post-combustion 
CO2 capture include physical absorption with solvents, as well as the use of solid 
adsorbents, membranes, and cryogenics. Physical absorption with solvents is not suitable 
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for CO2 capture from post-combustion flue gases which have a low CO2 partial pressure 
(e.g., 0.1 atm, or 1.5 psia). In physical absorption there is a weaker solvent-CO2 bond 
compared to chemical absorption, requiring a higher partial pressure of CO2 for bonding. 
The CO2 absorption capacity of a physical solvent increases almost linearly with 
increasing CO2 concentration in the gas and can be higher than that of a chemical solvent 
at high CO2 concentrations. Therefore, physical absorption is preferred over chemical 
absorption for the pre-combustion (post-gasification) process where the separation 
process operates at higher partial pressure of CO2 (e.g., 10-15 atm, or 147-220 psia). 
Use of solid adsorbents to capture CO2 is a method similar to solvent absorption, and can 
operate at total pressures and temperatures higher or lower than liquid solvents. For post-
combustion CO2 capture, the solids are prone to attrition, be covered by surface deposits, 
or suffer chemical poisoning during the cyclic sorption-regeneration process. This leads 
to decreased reactivity and selectivity and thus less operating cycles – up to two orders of 
magnitude in some cases – compared to solvent absorption.15 As with solvent absorption, 
improvements in the solid sorbent type and process design are being investigated.16 The 
status of adsorption technology is discussed further below after the discussion on oxy-
combustion. 
A membrane separation process is based on the differences in physical or chemical 
interactions between gases and the membrane material. The factors of selectivity and 
permeability of the membrane allow one flue gas component to pass through the 
membrane faster than others. Multiple stages of the membrane process may be required 
to achieve a high purity CO2 stream, which would increase energy consumption.14  
The cryogenic process utilizes component volatility under cryogenic conditions, and 
separates CO2 by condensing and cooling. Compression and cooling of the flue gas to a 
total pressure of 300 atm (4,409 psia) and -56 °C are required for 90% recovery of CO2 at 
a conventional PC power plant, which also leads to increased energy consumption.14  
The pre-combustion control process yields increased CO2 concentration and fuel gas 
pressure compared to post-combustion control. These conditions allow for use of physical 
absorption with solvents or sorbents having weaker interaction with CO2 relative to 
chemical solvents, and lower parasitic energy consumption from the CO2 separation 
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process. The basic process includes fuel gasification and a water-gas-shift reaction to 
produce CO2 and hydrogen. The CO2 can then be removed by physical absorption or 
adsorption. 
The oxy-combustion process uses concentrated oxygen instead of air for fuel combustion, 
which increases the concentration of CO2 in the flue gas from 15% to 80% by volume 
(dry basis) or higher, thereby simplifying post-combustion purification.14 A power plant 
employing this type of technology requires an energy-intensive cryogenic process to 
produce the required concentrated oxygen, which leads to a net efficiency of power 
generation almost 30% less than that of a standard air-blown PC plant (i.e., 38% down to 
27%).14 Advances in concentrating oxygen in air separation processes could improve the 
overall plant efficiency and make oxy-combustion a more attractive option. 
Recent research has targeted solvent absorption and membrane separation for post-
combustion CO2 capture.13 The solid adsorption method has potential to be competitive 
with these technologies regarding energy conversion efficiency for the overall plant. A 
variety of solid sorbents are currently being examined for adsorption.16 These sorbents 
are classified into two types of adsorption processes: (1) cool-gas adsorption (40 – 60 
°C), and (2) warm- or hot-gas adsorption (above 60 °C). Among the cool-gas adsorbents, 
simple porous solids such as activated carbons and zeolites are likely not suited well to 
post-combustion capture of CO2, with respect to CO2 adsorption capacities and CO2/N2 
selectivities, along with the need for expensive pressure swing adsorption processes.16 
Research results for functionalized porous sorbents, such as immobilized amine sorbents, 
indicate that porosity reduction by pore-filling of the functional groups offset the increase 
in CO2 capacity by the functional groups.16 Among the warm- and hot-gas adsorbents, 
metal carbonate sorbents are an attractive option because they exist naturally and are low-
cost (the cost of calcium carbonate, CaCO3, in 2009 was $21.0/short ton, or $23.1/metric 
ton).17 One potential challenge is the need for fresh adsorbent to make up for decay in the 
active sorbent during the adsorption-desorption cycling. Retaining a capacity of 20-30% 
over 30 cycles would still be higher than achieved for simple and functionalized porous 
adsorbents.16    
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The three common types of metal carbonate sorbents are CaCO3, magnesium carbonate 
(MgCO3), and sodium carbonate (Na2CO3). When comparing the CO2 capture processes 
using each of these adsorbents, one important factor to consider is how well each process 
integrates with the plant steam cycle. A general figure showing the relationship of steam 
conditions to utilizable heat for electricity is provided in Appendix A. This figure shows 
that as the temperature and pressure of steam increase, the utilizable heat for electricity 
also increases. For example, at steam conditions greater than 500 psia (34.0 atm) and 524 
°C, the utilizable heat for electricity is 31%, whereas the utilizable heat for electricity is 
reduced to 26% for steam at 300 psia (20.4 atm) and 400 °C (Appendix A). The 
adsorption/desorption temperatures for CaCO3, MgCO3, and Na2CO3 are 650 °C /900 °C, 
275 °C /400 °C, and 60 °C /120 °C at a partial pressure of CO2 (PCO2) = 0.01 atm (0.15 
psia) for adsorption and PCO2 = 1 atm (14.7 psia) for desorption, respectively (Appendix 
A). The equilibrium curve for CaO is also provided in Appendix A. When the metal 
carbonate capture process is integrated with the overall plant steam cycle, there is a 
higher percentage of utilizable heat for electricity provided by the steam generated from 
the recovery of heat of adsorption at higher temperatures. For the CO2 capture process 
using CaCO3, high-pressure (2,415 psia, or 164 atm), high-temperature (540 °C) steam 
can be generated from the exothermic reaction inside the adsorption reactor (650 °C). 
This additional steam can help offset the energy used for sorbent regeneration (see 
Section 2.2.2.2 below for details). However, MgCO3 and Na2CO3 are not useful for heat 
recovery due to the low adsorption temperatures (275 °C and 60 °C, respectively). CaCO3 
is also a common, low-cost adsorbent (on the order of hundreds of dollars less per short 
ton, or hundreds of dollars less per metric ton, than MgCO3 and Na2CO3). Hence, on the 
basis of minimizing energy loss and the cost of adsorbent, CaCO3 was chosen for further 
investigation here to remove 90% of the CO2 emissions at a coal-fired power plant. 
There have been several studies that include energy use analyses related to the limestone 
adsorption-desorption process. The most closely related study – with respect to plant size 
and integration of the CO2 capture process with the rest of the plant – was performed by 
Ramkumar et al.18 The study simulated energy use of a hydrated lime (Ca(OH)2) process 
with multiple cycles for 90% capture of CO2. A study by Grasa et al included an analysis 
of heat recovery from the hot CO2 stream out of the desorption reactor.19 However, the 
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simulated process removed only 33% of the CO2 in the flue gas stream. A study by the 
Department of Energy’s National Energy Technology Laboratory (DOE/NETL) 
examined reactor design for CO2 capture using different sorbents, and indicated that DOE 
is targeting a 30-50% reduction of the regeneration heat duty of the MEA process.20 
Sjostrom has evaluated solid sorbents for CO2 capture, and showed that metal carbonates 
consume a higher theoretical amount of regeneration energy than MEA (4,530 kJ/kg, or 
1,947 Btu/lb CO2 captured).21 The European Commission has also investigated the 
limestone adsorption-desorption process, and recovered the desorption heat in the steam 
cycle. However, only 60% of the CO2 was captured from the boiler’s flue gas.22 These 
select studies of limestone use in the adsorption-desorption process for CO2 capture at an 
air-blown PC power plant indicate the need for energy use details – for the adsorption-
desorption process itself, and the heat recovery benefit to the plant. A more detailed 
description of these studies is provided in Section 3.3. 
1.5 Coal Costs 
Apart from future environmental regulations, it is also worthwhile to evaluate the impacts 
of coal transportation cost and coal free-on-board (FOB) mine price on economic 
performance at power plants. FOB mine price indicates a sales transaction wherein the 
coal supplier makes the coal available for pick up at a specified port or terminal at a 
specified price, and the buyer then pays for the subsequent transportation and insurance. 
Combined transportation and FOB price was considered in the range of $20.0 to 
$32.0/short ton ($22.0 to $35.3/metric ton) of PRB coal delivered in 2006 – with the most 
probable cost at $27.5/short ton ($30.3/metric ton).23 The equivalent delivered cost of 
Illinois coal – which uses Illinois #6 bituminous coal in this study – was considered in the 
range of $30.0 and $40.0/short ton ($33.1 and $44.1/metric ton), with $35.0/short ton 
($38.6/metric ton) as the most probable cost.23 The influence of ash disposal – which may 
be considered as part of the coal cost – on economic performance was not considered 
directly in this study; however, this cost is part of the PM control cost. 
1.6 Introduction to Integrated Environmental Control Model 
The Integrated Environmental Control Model (IECM) was developed by Carnegie-
Mellon University for the DOE/NETL. The model was developed to provide preliminary 
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technical performance and cost estimates for new base load power plants as well as 
existing plants considering technology retrofits. IECM allows for specifying fuel cost, 
fuel composition, and environmental compliance limits for SO2, NOx, PM, mercury, and 
CO2. The model also considers the type of air quality control technology (e.g., wet or dry 
flue gas desulphurization; electrostatic precipitator or fabric filter; and low-NOx 
combustion modification and/or selective catalytic reduction). The model allows the user 
to configure a system of processes, set parameters for the overall system and each 
process, and generate various results of the system performance. The model has a module 
that allows inputting the coal characteristics (proximate and elemental compositions and 
heat value) and the delivered coal cost. 
IECM is unique in combining boiler parameters and coal characteristics to estimate the 
capital cost of the environmental control systems. Aside from these unique features, this 
model has a refined retrofit factor analysis. In IECM, there are several cost sub-modules 
that can have different retrofit factors. The IECM cost sub-modules for FGD installation 
are: reagent feed, SO2 removal, flue gas handling, solids handling, general support, and 
miscellaneous equipment. The sub-modules for selective catalytic reduction (SCR) 
installation are: reactor housing, ammonia injection, ducts, air pre-heater modifications, 
induced draft (ID) fan differential, structural support, and miscellaneous equipment. The 
sub-modules for PM control installation are: particulate collector, duct work, fly ash 
handling, and ID fan differential. The sub-modules for mercury control installation are: 
sorbent injection, sorbent recycle, duct work, sorbent disposal, and pulse jet fabric filter 
(FF). The sub-modules for CO2 control installation are: SO2 polisher/direct contact 
cooler, flue gas blower, CO2 absorber vessel, heat exchangers, circulation pumps, sorbent 
regenerator, reboiler, steam extractor, sorbent reclaimer, sorbent processing, and drying 
and compression unit. Each of the sub-modules can have a different retrofit factor. For 
example, if a retrofit site has adequate land for a FGD installation but the FGD must be 
located at a remote location from the existing equipment, the IECM model can be 
adjusted to increase the retrofit factor for flue gas handling, and set a low to no retrofit 
factor for the remaining FGD areas. This option makes IECM very powerful in 
estimating the cost to retrofit a utility boiler.   
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In addition to capital cost flexibility, IECM allows the user to specify the site-specific 
reagent cost, by-product disposal cost or sale price, labor charge, and other costs. If these 
operating costs are not specified, then default values are assumed within IECM. There are 
also a number of IECM configurations available to evaluate the different methods of 
reducing emissions while complying with regulations. The control technologies available 
are listed in Table 3. The model uses all of these inputs to estimate the reagent usage, 
power consumption, by-product production, and electricity costs.  
Table 3 Control technologies used in IECM  
Parameter Technology 
Combustion 
Fuel type Coal 
NOx 
Low NOx Burner (LNB), LNB + Over Fire Air, Gas Reburn, Selective Non-
Catalytic Reduction (SNCR), or LNB + SNCR 
Post-Combustion 
SO2 Wet Flue Gas Desulfurization, or Spray Dryer Absorber 
NOx Hot-Side Selective Catalytic Reductions 
PM Cold-Side Electrostatic Precipitator, or Fabric Filter 
Mercury Activated Carbon Injection (ACI), or ACI + Water Injection 
CO2 Amine System, or O2-CO2 Recycle 
The history of IECM dates back to the early 1980's. The model has been supported by the 
DOE/NETL under projects for PC combustion plants and integrated gasification 
combined cycle (IGCC) systems. The development of IECM began as a tool to assess the 
impact of fossil-fuel power plant emissions and pollution control options on acid rain. 
Post-combustion control options were added for SO2, NOx, and PM emissions from coal 
combustion systems, and the fully integrated tool contained a cost model linked to a 
performance model for each technology in the system. Studies performed in the 1980’s 
using IECM focused on basic pollution control economics from fossil-fuel combustion 
systems, considering variables in the areas of technology availability, economics, and 
regulations – particularly the Acid Rain Program.24,25,26 
In the 1990’s, combustion abatement technologies, as well as post-combustion control 
technologies, were added to IECM. Studies performed in this decade were influenced 
heavily by Phase I of the Acid Rain Program, which targeted mostly coal-fired electric 
utilities for SO2 and NOx reductions.27,28,29 In the 2000’s, natural gas combined cycle and 
carbon capture and sequestration (CCS) were added to IECM, as well as a gasifier option. 
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Studies in this decade focused primarily on the performance of CO2 capture 
technology.30,31 The Illinois State Geological Survey (ISGS) also performed an economic 
and environmental performance evaluation in 2007 of power plants in the Illinois Basin 
using IECM.32 The evaluation included CO2 capture cost with electricity supplement and 
various control levels. 
The main model outputs of interest in this study are $/MWh values and capital and 
operation and maintenance (O&M) costs (fixed and variable) for environmental control 
units, boiler unit, and fuel, as well as for the entire plant. Additional details of the IECM 
modeling program can be found at the IECM website.33 
1.7 Objectives 
The objectives of this research were the following: 
1. Evaluate  the cost to generate one megawatt-hour of electricity from firing 
bituminous coal, blends of bituminous and PRB coals, and PRB coal while 
complying with the Illinois SO2, NOx, PM and mercury emission limits for 
electric generators using IECM. 
2. Assess factors that may influence the electric generator’s fuel selection process, 
such as the fuel type – which includes the delivered cost, heat content, and 
chemical property of the fuel – and plant size. 
3. Determine the impacts – economics, and emissions of SO2, NOx, PM and mercury 
– caused by adding CO2 capture with a MEA process on results from the IECM 
evaluation with no CO2 capture. 
4. Evaluate the limestone carbonation-calcination (LSCC) process using ChemCAD, 
based on energy use, emissions of SO2, NOx, PM and mercury, and comparison of 
the LSCC process with the MEA process to remove CO2 from flue gas streams. 
1.8 Research Justification 
The IECM portion of this study may be used by managers of coal-fired power plants to 
assist in determining the most cost-effective approach when burning select coals while 
simultaneously meeting stack emission regulations. Law- and policy-makers may use 
results from this study to evaluate mining options to lower FOB mine costs, evaluate coal 
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transportation costs, and/or develop policy options concurrent with desired impacts on 
coal production and sales. Results from the ChemCAD portion of this study can be useful 
for assessing select CO2 control technologies regarding impact on energy conversion 
efficiency.
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2 METHODS 
2.1 IECM Evaluation of COE 
IECM version 5.2.1 (2007) was used to evaluate the impacts of environmental 
compliance costs and delivered coal cost on the cost of electricity (COE) at a coal-fired 
power plant.33 The COE reflects the plant cost levelized over the plant lifetime and size, 
and is presented as $/MWh. Environmental compliance costs consist of capital (e.g., 
equipment) and fixed and variable O&M costs, such as labor and materials. Delivered 
coal cost contributes to the variable O&M costs of the power plant. 
2.1.1 Coal Specifications 
The typical coal specifications for Illinois #6 bituminous (hereafter called “Illinois” or 
“IL”) and PRB were based on the fuel database built in IECM, and are listed in Table 4. 
The coal specifications of the 70/30 PRB/IL blend were the weighted-averages of the two 
individual coals according to their ratio in the blend. In addition to existing power 
generators, coal specifications for new mine-mouth coal-fired boilers were also 
developed based on interviews with power generators.23 
Table 4 Coal specifications for the scenarios tested 
Coal typea Property Illinois Western PRB 70/30 PRB/ILb Illinois mine-mouth
HHV, Btu/lbc  
(kJ/kg) 
Carbon, wt % 
Hydrogen, wt % 
Oxygen, wt % 
Chlorine, wt % 
Sulfur, wt % 
Nitrogen, wt % 
Ash, wt % 
Moisture, wt % 
Mercury, ppmmd 
10,900 
(25,353) 
61.353 
4.211 
6.035 
0.170 
3.000 
1.163 
11.028 
13.033 
0.090 
8,340 
(19,399) 
48.214 
3.312 
11.878 
0.010 
0.300 
0.700 
5.324 
30.261 
0.100 
9,108 
(21,185) 
52.156 
3.582 
10.125 
0.058 
1.110 
0.839 
7.035 
25.093 
0.097 
9,500 
(22,097) 
51.998 
3.568 
5.115 
0.144 
4.000 
0.986 
23.144 
11.045 
0.090 
a Significant figures for reported values are consistent with those reported by the    
IECM model 
b 70/30 PRB/IL = Mix of 70% PRB coal and 30% Illinois coal by weight 
c HHV = Higher Heating Value 
d ppmm = Parts per million by mass 
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2.1.2 Environmental Control Configurations 
Coal-fired power plants are expected to comply with emission regulations by switching to 
a lower sulfur fuel, installing air quality control technologies, or both fuel switching and 
environmental control technology installations. There are a wide range of IECM 
configurations available to evaluate the different methods of reducing emissions to 
comply with emission regulations. Figure 6 shows the environmental control 
configurations for the coals used in this study. The MEA process is included only for 
scenarios with 90% CO2 capture. Details for each environmental control configuration 
and the rationale for environmental compliance are described in the following subsection. 
 
Notes: 
   ACI = Activated Carbon Injection 
   ESP = Electrostatic Precipitator 
   FF = Fabric Filter 
   FGD = Flue Gas Desulfurization 
   LNB = Low-NOx Burner 
   MEA = Monoethanolamine Absorber 
   SCR = Selective Catalytic Reduction 
   SDA = Spray Dryer Absorber 
   70/30 PRB/IL = Mix of 70% PRB coal and 30% Illinois coal by weight 
Figure 6 Environmental control configurations for different coals 
2.1.3 Scenarios 
Assumptions for particular IECM performance requirements were developed and used as 
inputs in IECM. These inputs were used to evaluate scenarios with different coal feed 
types and environmental controls. Table 5 shows model parameters and values for select 
coal scenarios.
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Table 5 Model parameters and values for scenarios 
Illinois PRB 70/30 PRB/ILa Illinois mine-mouth (new plant) Model parameter No CO2 
capture CO2 capture 
No CO2 
capture CO2 capture No CO2 capture CO2 capture 
No CO2 
capture 
CO2 
capture 
Fuel cost (total as-
delivered), $/short 
ton ($2007) 
Low: 30.0 
Mid: 35.0 
High: 40.0 
Low: 30.0 
Mid: 35.0 
High: 40.0 
Low: 20.0 
Mid: 27.5 
High: 32.0 
Low: 20.0 
Mid: 27.5 
High: 32.0 
All combinations 
of PRB coal 
costs with IL 
coal costs 
All combinations 
of PRB coal 
costs with IL 
coal costs 
Low: 17.6 
High: 25.0 
Low: 17.6 
High: 25.0 
Fuel cost (total as-
delivered), 
$/metric ton 
($2007) 
Low: 33.1 
Mid: 38.6 
High: 44.1 
Low: 33.1 
Mid: 38.6 
High: 44.1 
Low: 22.0 
Mid: 30.3 
High: 35.3 
Low: 22.0 
Mid: 30.3 
High: 35.3 
All combinations 
of PRB coal 
costs with IL 
coal costs 
All combinations 
of PRB coal 
costs with IL 
coal costs 
Low: 19.4 
High: 27.6 
Low: 19.4 
High: 27.6 
Boiler size, MWe 
Small: 175 
Large: 650 
Small: 175 
Large: 650 
Small: 175 
Large: 650 
Small: 175 
Large: 650 
Small: 175 
Large: 650 
Small: 175 
Large: 650 
Small: 175 
Large: 650 
Small: 175 
Large: 650 
SO2 emission 
limit, lb/mmBtu 0.25 < 0.25 0.25 < 0.25 0.25 < 0.25 0.25 < 0.25 
SO2 emission 
limit, kg/MJ 1.1x10
-4 < 1.1x10-4 1.1x10-4 < 1.1x10-4 1.1x10-4 < 1.1x10-4 1.1x10-4 < 1.1x10-4 
SO2 control 
technology Wet FGD Wet FGD SDA SDA SDA SDA Wet FGD Wet FGD 
NOx emission 
limit, lb/mmBtu or 
% removalb  
0.11 or 80% < 0.11 or < 80% 0.11 or 80% 
< 0.11 or < 
80% 0.11 or 80% < 0.11 or < 80% 0.11 < 0.11 
NOx emission 
limit, kg/MJ or % 
removalb 
4.7x10-5 or 
80% 
< 4.7x10-5 or 
< 80% 
4.7x10-5 or 
80% 
< 4.7x10-5 or 
< 80% 4.7x10
-5 or 80% < 4.7x10
-5 or < 
80% 
4.7x10-5 or 
80% 
4.7x10-5 or 
80% 
NOx control 
technology LNB + SCR LNB + SCR LNB + SCR LNB + SCR LNB + SCR LNB + SCR 
LNB + 
SCR 
LNB + 
SCR 
PM emission 
limit, 
lb/mmBtu 
0.03 0.03 0.03 0.03 0.03 0.03 0.015 0.015 
PM emission 
limit, kg/MJ 1.3x10
-5 1.3x10-5 1.3x10-5 1.3x10-5 1.3x10-5 1.3x10-5 6.4x10-6 6.4x10-6 
PM control 
technology ESP ESP FF FF FF FF  ESP  ESP 
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Table 5 (cont.) 
Illinois PRB 70/30 PRB/ILa Illinois mine-mouth (new plant) Model parameter No CO2 
capture CO2 capture 
No CO2 
capture CO2 capture No CO2 capture CO2 capture 
No CO2 
capture 
CO2 
capture 
Mercury emission 
limit, lb/MWh or 
% removal  
90% 90% ACI ACI 90% 90% 2.1x10-5 2.1x10-5  
Mercury emission 
limit, kg/MWh or 
% removal 
90% 90% ACI ACI 90% 90% 9.5x10-6 9.5x10-6 
Mercury control 
using ACI, lb/106 
acfc,d 
N/A N/A 5 5 N/A N/A N/A N/A 
Mercury control 
using ACI, kg/106 
acmc,d 
N/A N/A 8.0 8.0 N/A N/A N/A N/A 
CO2 emission 
limit, % removald N/A 90% N/A 90% N/A 90% N/A 90% 
CO2 control 
technologyd N/A MEA N/A MEA N/A MEA N/A MEA 
a 70/30 PRB/IL = Mix of 70% PRB coal and 30% Illinois coal by weight 
b 80% was the operational value, as it resulted in lower NOx emissions 
c Activated Carbon Injection (ACI) at 5 lb/106 acf (8.0 kg/106 actual cubic meter, or acm)  is an alternative compliance option to the % removal requirement 
(see Table 1) 
d N/A = Not Applicable 
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For the different scenarios, the Illinois mine-mouth plant as a new source followed the 
USEPA emission standards for SO2, NOx, PM and mercury, and other plants followed the 
2015 Illinois standards (see Table 1). Parameters tested were: coal type and cost; control 
technology for SO2, NOx, PM and mercury; boiler type; and boiler size. Tests were also 
performed with and without 90% CO2 capture from the flue gas. The breakeven costs of 
electricity with respect to use of different fuels, as well as the capital and O&M costs, 
were estimated for the different scenarios. Unless noted, default values that are provided 
with IECM were used within IECM for process and cost assumptions. 
2.1.3.1. Scenario 1 – SO2, NOx, PM and Mercury Controls with no CO2 Capture 
The delivered coal costs for PRB and Illinois coals cover a range of costs to Illinois 
plants: $30.0, $35.0, and $40.0/short ton ($33.1, $38.6, and $44.1/metric ton) for Illinois 
coal; $20.0, $27.5, and $32.0/short ton ($22.0, $30.3, and $35.3/metric ton) for PRB coal; 
and $17.6 and $25.0/short ton ($19.4 and $27.6/metric ton) for Illinois mine-mouth coal. 
Additional cost for blending of coals was not considered. Possible boiler types include 
tangential- and wall-fired pulverized coal (PC), as well as cyclone boilers. Tangential is 
most common and was therefore used for this study. The retrofit factors for different 
processes of the plant were determined by first testing a 1,200 MWe plant with PRB coal, 
and adjusting the retrofit value until the combined capital cost for the SDA and FF units 
was $400 MM. This cost corresponds to the value reported by the utility companies that 
were interviewed as part of this project.23 The resulting retrofit value was 3.0, and this 
factor was then applied to the wet FGD, SDA, SCR, and FF units for all cases. This 
retrofit factor represents the impacts of the inflation and market prices change since the 
year the cost models used in IECM (version 5.2.1, 2007) were developed. Therefore, the 
retrofit factor was used as a correction of cost change between those in IECM and the 
2007 market costs, rather than only used to represent the difficulty level of retrofitting. A 
retrofit value of 1.0 was used in cases where the ESP continued to operate without any 
retrofitting. 
For SO2 control, wet FGD was used when burning Illinois coal, due to its high-sulfur 
content. Similarly, wet FGD was used in the Illinois mine-mouth case. ACI was used 
only for 100% PRB coal because the coal’s chlorine content (0.01 wt %) is significantly 
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lower than Illinois coal (0.17 wt %). The lower amount of chlorine leads to less oxidized 
mercury and less mercury capture in the SDA/FF system. When burning 100% Illinois 
coal, the higher chlorine content, along with the inherent SCR oxidation of elemental 
mercury to oxidized mercury and the inherent oxidized mercury capture by the wet FGD 
system, is sufficient to achieve 85-90% mercury removal.34 It has also been demonstrated 
for a selective catalytic reduction - spray dryer absorption/fabric filtration (SCR-SDA/FF) 
configuration that a 93/7 (wt %) PRB/IL coal blend removes 50% mercury, and a 86/14 
(wt %) PRB/IL coal blend removes 80% mercury.35 The coal blend ratio used in this 
study was 70/30 (wt %) PRB/IL and is expected to remove a minimum of 90% mercury 
with a SCR-SDA/FF configuration. For the Illinois mine-mouth scenario, a higher 
mercury removal of 98% is necessary to comply with the 2.1x10-5 lb/MWh gross (9.5x10-
6 kg/MWh gross) requirement in Table 1. 
2.1.3.2. Scenario 2 – SO2, NOx, PM and Mercury Controls and 90% CO2 Capture with 
MEA 
An MEA process was added to the IECM scenarios without CO2 capture, to capture 90% 
CO2 from the flue gas. For the MEA process, a maximum SO2 concentration of 10 parts 
per million by volume (ppmv) into the amine scrubber is recommended in order to avoid 
excessive contamination of the solvent.36 The wet FGD module built in IECM is capable 
of achieving a minimum SO2 concentration to less than 50 ppmv for the 100% Illinois, 
100% PRB, and 70/30 PRB/IL blend fuel options, but only 132 ppmv for the Illinois 
mine-mouth scenario. Therefore, 132 ppmv was used as the standard limit after the wet 
FGD across all four fuel options, in order to obtain the most consistent comparison 
possible within IECM. A retrofit factor of 1.0 was used for the MEA process units. Issues 
pertaining to transportation and sequestration of CO2 were not included in this study. 
2.2. Assessment of Limestone Carbonation-Calcination Process 
2.2.1 Description of Reference Plants 
The reference (hereafter referred to as “base”) power plant for this study is a 
conventional, air-blown PC power plant based on a U.S. DOE-funded study.37 A 
schematic of the base plant is shown in Figure 7. 
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Note: The different types of lines distinguish the different stream types:  
   Process flows 
 - - - - - Steam cycle flows (steam and water) 
Figure 7 Schematic of base power plant with no CO2 capture 
The PC power plant includes typical components (e.g., boiler, steam turbines, and air 
preheater) as well as the following post-combustion control units: wet FGD with 
limestone slurry forced-oxidation (LSFO) for 95% SO2 control; SCR for 90% NOx 
control; and ESP for 99% PM control. The operating conditions of the base plant are 
provided in Table B.1 in Appendix B. The properties of the bituminous coal used in this 
study are listed in Table C.1 in Appendix C. 
 25 
The base plant with an MEA unit added for CO2 capture (Figure 8) uses the same typical 
process components and post-combustion control units as the base plant. An assessment 
of the energy and cost performances of this case was performed by Chen et al and is 
described below.14  
 
Notes:  
   Schematic based on Illinois State Geological Survey report to U.S. DOE14 
   The different types of lines distinguish the different stream types:  
   Process flows 
           - - - - -         Steam cycle flows (steam and water) 
Figure 8 Schematic of reference power plant with MEA process. 
The CO2-rich flue gas from the FGD unit flows upward through the absorber unit, where 
the MEA solution absorbs CO2 from the boiler flue gas. The total pressures into and out 
of the absorber were 17.4 and 14.4 psia (1.18 and 0.98 atm) respectively, while the 
temperature of the flue gas was about 50 °C.14 The liquid flow rate in the absorber was 
based on a 5:1 liquid-to-gas (L/G) molar ratio (MEA concentration of 30 wt % in water) 
to achieve 90% CO2 removal.14 The L/G ratio is important because a greater amount of 
MEA liquid requires the consumption of more energy by the stripper.  
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The CO2-laden MEA solution from the absorber is transported to the stripper for 
regeneration. Super heated low-pressure steam – at 60 psia (4.1 atm) and 246 °C – is used 
to meet the requirements of regeneration temperature.14 The CO2 gas stream out of the 
stripper was 25 psia (1.7 atm) and 95 °C, with the inlet and outlet liquid streams at 95 °C 
and 116 °C in order to drive the release of CO2.14 The pressures of the liquid streams into 
and out of the stripper were both 25 psia (1.7 atm).14 Loss of the pure MEA solution 
occurs due to stoichiometric reactions with acid gases in the incoming flue gas to the 
absorber, as well as nominal loss (see Appendix B2). As shown in Figure 8, a condenser 
is required to cool down the CO2 stream from the stripper and remove water before the 
CO2 compressor. 
The operating conditions of the plant steam cycle were modified slightly from the base 
plant in order to accommodate the super heated low-pressure steam – at 246 °C and 60 
psia (4.1 atm) – required at the stripper. Additional summary information for the plant 
steam cycle is provided in Appendix B2. A summary table of the operating equipment 
and parameters of the base plant with MEA is shown below in Section 2.2.2.2. 
2.2.2. Limestone Carbonation-Calcination Process 
The process of using a metal-oxide base for CO2 capture is termed “carbonation-
calcination.” The general reaction for a metal “Me” with CO2 is shown in Equation 1. 
       
(1) 
 
Knowledge of the required reactions for this process of CO2 separation dates back to 
1867.38 In 1967, a fluidized bed pilot plant using 40 short tons/day (36 metric tons/day) 
CaO was demonstrated to capture CO2 for the production of pipeline gas.39 The process is 
similar to the MEA process shown above in Figure 8, with the major difference being that 
a solid sorbent is utilized to capture CO2 instead of a liquid solvent. As with MEA, the 
solid sorbent is assumed to possess a certain degree of regenerability. The CO2-rich flue 
gas first reacts with the solid sorbent in the “carbonator” (similar to the absorber in 
Figure 8). The reacted sorbent is then transported to the “calciner” (similar to the 
MeO + CO2   MeCO3 
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regenerator in Figure 8). In the calciner, the sorbent is regenerated and the captured CO2 
is released for further processing. The use of a solid instead of a liquid solvent introduces 
the need for an alternative transportation method between the two units. This 
transportation method is discussed below in Section 2.2.2.2.  
2.2.2.1 Overall Description of Power Plant with LSCC Process 
The design and throughput for the plant boiler used in this study was based on the base 
(DOE reference) plant.37 The properties of the bituminous coal used to fire the boiler are 
provided in Table C.1 in Appendix C. Modifications were made to the design and 
configuration of the base plant in order to integrate the limestone carbonation-calcination 
(LSCC) process for capturing CO2 within the boiler flue gas. These modifications are 
described in more detail below in Section 2.2.2.2. Several parameters used for the power 
plant in the DOE study are also used for the plant in this study: plant size of 533 MWe 
gross output; use of bituminous coal as boiler fuel; and use of SCR and ESP units. 
Figures 9 and 10 show the power plant configuration with a CO2 capture system utilizing 
the LSCC process developed in this study. 
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Note: The different types of lines distinguish the different stream types:  
   Process flows 
           - - - - -         Steam cycle flows (steam and water) 
Figure 9 Schematic of overall power plant with LSCC process 
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Notes: 
   ASU = Air Separation Unit 
   CFBC = Circulating Fluidized Bed Carbonator/Calciner 
   HX = Heat Exchanger 
   The different types of lines distinguish the different stream types:  
   Process flows 
           - - - - -         Steam cycle flows (steam and water) 
Figure 10 Schematic of LSCC process 
Developing and assessing the LSCC process consisted of the following steps: 
1) Select the chemical compounds for inputs and desired outputs for the overall system 
(utilizing given conditions from the base power plant); 
 2) Estimate the appropriate process conditions for the LSCC system integrated with the 
base power plant;  
3) Set up the appropriate unit operations to yield the desired outputs; and  
4) Simulate the system. 
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Results from step 4 yield values for energy use or supply by different unit components of 
the system, which can then be compared to a similar-size power plant using an MEA 
process to capture CO2. This is an ideal, best-case study for LSCC, intended as a proof-
of-concept study. A primary goal of this study is to make a simplified process design that 
is sufficient to include major unit operations for assessing the overall energy use 
performance for a retrofitted power plant. The process is assessed under an ideal 
condition: stoichiometric adsorption reaction between CO2 and CaO; no sorbent attrition 
loss or degradation; and maximum heat transfer efficiency. Additional explanations and 
data sources for the assumptions made below for the LSCC process are provided in 
Appendix C. 
2.2.2.2 Detailed Process Design for LSCC Process 
Carbonator: 
A post-boiler, pre-SCR flue gas at 340 °C is introduced into a mixing chamber (indicated 
by a box at the bottom of the “Carbonator” in Figure 10 immediately before the 
carbonator. This flue gas mixes with the hot CaO (950 °C) in order to obtain a flue 
gas/CaO mixture inlet temperature to the carbonator near 650 °C. Additional details 
about the mixing process are provided below in this section. The CO2-rich flue gas is 
withdrawn downstream of the boiler, after the economizer and before the SCR, at 14.5 
psia (0.99 atm). This section of the flue duct is retrofitted with additional ducting to and 
from the carbonator. The CO2-lean flue gas exiting from the carbonator is then cooled 
down back to 340 °C using an additional water-gas heat exchanger, and returns to the 
pre-SCR duct at 12.2 psia (0.83 atm). The heat exchanger is integrated with the plant 
steam cycle and produces high-pressure (HP), high-temperature steam at 540 °C and 
2,415 psia (164 atm), based on a simulated amount of feed water (Section 2.2.3). This 
configuration for heat recovery is intended for energy calculation purposes, and the 
practical configuration of the heat exchanger may be different. Similar studies do not 
have details about this specific part of the process configuration.40,41,42 
A fluidized bed reactor (FBR) was selected as the type of reactor for the carbonator, 
because it is capable of handling a large amount of solid material in a continuous 
operation. The FBR also favors gas solid reactions by providing efficient gas-solid 
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mixing, and fresh surface exposure due to attrition of the solid. FBRs have been widely 
used for over 25 years, and were used for similar studies with LSCC processes.14,39 
Entrained bed and fixed bed reactors were also considered for this study. These reactor 
types were dismissed due to limitations in flow capacity, gas-solid mixing, and heat 
transfer efficiency. Reactor sizing is beyond the scope of this study. 
The temperature in the carbonator was maintained at 650 °C in order to achieve the 
desired 90% CO2 capture in the flue gas. This temperature is assumed to be reasonable 
based on the CaCO3/CO2 equilibrium curve (Appendix A1) for a CO2 partial pressure of 
0.2 psia (0.014 atm), which is equivalent to 90% CO2 capture from the inlet flue gas with 
CO2 partial pressure of 2 psia (0.14 atm). Since the adsorption of CO2 by lime to produce 
limestone is an exothermic reaction, the temperature was held constant by using a heat 
exchanger (boiler tube bundle) within the unit for water-gas heat exchange. This heat 
exchanger generates HP, high-temperature steam at 540 °C and 2,415 psia (164 atm), 
based on a simulated amount of feed water (Section 2.2.3). A limestone particle diameter 
of 0.5 mm was used for this study, consistent with a similar study by Shimizu.42 The gas-
solid heat transfer efficiency between the lime particles and boiler flue gas was assumed 
to be 100%. A calculation for the pressure drop required in the carbonator (Appendix 
C3), which provides fluidization of the particles, shows that 0.10 atm (1.47 psia) is 
reasonable. This pressure drop assumes a reactor height of 30 m. 
As shown in Figure 10, CaO at 950 °C from the calciner is combined with the post-boiler 
flue gas in a mixing chamber before the carbonator. The required temperature of the 
boiler flue gas was calculated to be 353 °C, based on lowering the hot CaO from 950 °C 
to a gas-solid mixture temperature of 650 °C. The calculation considers the heat 
capacities and mass flow rates of the flue gas and CaO streams, and is provided in 
Appendix C3. The flue gas temperature after the economizer and before the SCR is 340 
°C – for practical purposes, this temperature is employed in the process simulation to 
provide the required flue gas/CaO mixture temperature within 10 °C of 650 °C. 
The CaO flow rate in the carbonator is based on a 1:1 mole ratio of Ca to CO2. This is an 
ideal, best-case condition, assumed for this proof-of-concept study. This ratio is 
important because a larger amount of limestone solids is associated with more cooling 
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required at the carbonator and additional heat duty required at the calciner, as well as 
greater difficulty circulating the solids in the adsorption and desorption loop. The study 
by Ramkumar et al used a calcium hydroxide (Ca(OH)2) sorbent at 1.3 (mol) CaO/CO2, 
for a 90% CO2 capture process.18 Abanades used 3:1 (mol) CaO/CO2, along with a fresh 
makeup feed of 1:10 (mol) CaCO3/CO2, for a 90% CO2 capture process similar to this 
study.41 Another estimate, by Statnik, reported a complete loss of active CaO after 12 
cycles.43 The decay in carbonation conversion in Statnik’s estimate was attributed to 
textural changes due to sintering, which include surface area and porosity loss of the lime 
particles. The number of process cycles is important when considering cost of limestone 
feed; however, cost is not considered in this study. 
As with MEA, CaO has a higher affinity for SO2 than CO2. Loss of available CaO surface 
area due to the reaction with SO2 in the flue gas was calculated at 1.4 wt % per cycle 
(Appendix C3). Additional limestone to make up for this lost CaO was not included in 
the process simulation because it does not have a significant impact on the energy 
performance analysis. Also, the lime will not react with water at the temperature and 
partial pressure of water vapor in the carbonator.42  
Lime solids were transported to the carbonator using a portion of the boiler flue gas 
(Appendix C3), while limestone solids were transported to the calciner using the 
CO2/oxygen/NG gas product stream (Appendix C4). Additional fans were used for these 
gas streams to make up for pressure loss due to transport. A cyclone was assumed to be 
appropriate for separating the limestone product from the gas stream.  
Calciner: 
The limestone generated in the carbonator is transported to the calciner for lime 
regeneration. As with the carbonator, FBR was selected as the most practical reactor type 
for the calciner. Several alternatives were considered and dismissed for the type of 
reactor: a rotary kiln would have lower throughput and less efficient mixing for mass and 
heat transfer; entrained bed and fixed bed are limited by flow capacity; a fixed bed would 
also require periodic swing between adsorption and desorption involving a significant 
temperature change and thus a long transition time; a heat carrier solid was also 
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considered, but was not selected due to fluidization requirements and the necessary 
segregation of heat carrier solid particles from lime particles. 
The temperature in the calciner was maintained at 950 °C in order to convert CaCO3 to 
CaO. Using the CaCO3/CO2 equilibrium curve in Appendix A1, this temperature is 
reasonable for an outlet CO2 partial pressure of over 14.7 psia (1.0 atm). The desorption 
of CO2 is an endothermic reaction. Therefore, the temperature in the calciner was held 
constant by combusting natural gas (NG) with oxygen (95% O2 purity) in a combustion 
chamber (indicated by a box at the bottom of the “Carbonator” in Figure 10) immediately 
before the reactor. The combustion of natural gas provided direct heating in the calciner. 
Coal was considered as an alternative to natural gas, but was not selected because coal 
combustion would introduce impurities such as SO2, PM, and mercury into the pure CO2 
stream, requiring additional control systems. As in the carbonator, for gas-solid heat 
transfer the heat transfer efficiency between the combusted NG/oxygen stream and 
limestone is assumed to be 100%. A calculation for the pressure drop required in the 
calciner (Appendix C4), which provides fluidization of the particles, shows that 0.08 atm 
(1.18 psi) is reasonable. This pressure drop assumes a reactor height of 30 m.  
As mentioned above, this study assumes an ideal cycle for adsorption/desorption by CaO, 
with zero CaCO3 waste. However, in practice there would be some amount of CaCO3 
bleed from the system. Abanades used a bleed rate of 0.1 kmol CaCO3 equivalent per 
kmol flue CO2.40 Effects of boiler fly ash on the LSCC system, such as a decreased 
temperature in the calciner, were not considered in this study. 
As shown in Figure 10, a portion of the CO2-rich stream from the calciner outlet is 
circulated to mix with the NG/oxygen combustion gases in the calciner. The purpose of 
this CO2-rich stream is to provide an oxygen-containing gas mixture comparable to an 
air-blown PC, which helps to ensure that the flame temperature remains within the 
calciner equipment temperature limit.14 The flow rate of this stream is dependent on the 
oxygen concentration set-point in the calciner, which for this study is 50 mol %.44 A 
water/gas heat exchanger is required to cool the CO2-H2O stream, and a condenser is 
required to remove H2O before the CO2 compressor. The heat exchanger is integrated 
with the plant steam cycle and produces additional high-pressure, high-temperature steam 
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for the plant at 540 °C and 2,415 psia (164 atm), based on a simulated amount of feed 
water (Section 2.2.3). This configuration for heat recovery is intended for energy 
calculation purposes, and the practical configuration of the heat exchanger may be 
different. Potential negative effects of contaminants on the CO2 product stream pipeline, 
such as from nitrogen and oxygen, were not considered in this study. 
Plant Steam Cycle: 
The operating conditions of the plant’s sub-critical steam cycle were modified from the 
base plant in order to accommodate integration with the LSCC process. Providing more 
available steam to the HP turbine to generate electricity – from the carbonator and heat 
exchanger after the calciner – was simulated in this study. Additional details and 
assumptions for the plant steam cycle are provided in Appendix C. 
Preliminary Comparison of LSCC Process to MEA Process: 
There are some notable differences between the LSCC process and MEA process: duct 
modification after the economizer and before the SCR; carrier material (CaO) for CO2 
capture; equipment for solids transport; condenser and heat exchanger duties; and the air 
separation unit addition. Table 6 is a qualitative, summary comparison of the major 
operating equipment and parameters for the LSCC and MEA processes. 
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Table 6 Qualitative comparison of LSCC and MEA processes 
Variable PC plant with MEA PC plant with LSCC 
Boiler/duct 
Boiler/duct  
modifications None 
Reconfiguration of ducting between economizer  
and SCR 
CO2 capture unit 
Reactor type 
Packed bed  
absorption  
column 
Circulating fluidized bed 
CO2 capture  
material 
Monoethanolamine 
(liquid) Lime (solid) 
CO2 desorption 
Reactor type Stripper with  reboiler Circulating fluidized bed 
Regeneration  
heat method 
Low-pressure  
steam NG/O2 combustion 
CO2 preparation 
CO2/H2O  
condenser Small heat duty Large heat duty 
Steam cycle 
High-
pressure  
steam effects 
None 
HP steam generated from: heat recovery at  
carbonator; heat recovery from CO2-lean flue gas 
at heat exchanger after carbonator; heat recovery 
from CO2/water vapor gas stream at heat 
exchanger after calciner 
Low-pressure  
steam effects 
Steam extraction  
from intermediate- 
pressure (IP)  
turbine for  
solvent  
regeneration 
None 
Others 
Transfer of  
sorbent  
material 
Liquid pumps Portion of process gas + fan 
SO2 control  
equipment FGD required FGD not required 
The effects of these differences on the LSCC process performance, and the overall plant 
performance, are examined in the Results and Discussion section (Section 3.3). 
Regarding effects of the LSCC process on the standard flue gas cleaning processes (SCR, 
ESP and FGD), only a couple of modifications to the base plant are required. First, a wet 
FGD for SO2 removal is not necessary because the LSCC process is assumed to 
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effectively remove SO2 from the boiler flue gas. Second, a larger induced draft fan is 
necessary due to the pressure drop of the post-boiler flue gas through the carbonator. 
2.2.3. Simulation of LSCC Process 
Simulation of the LSCC process for CO2 capture was performed as a “proof-of-concept” 
study, with the goal of estimating the best-case energy use of the process at a PC power 
plant. ChemCAD software package (version 6.1.0) was used for the simulation. The four 
main process sections for simulating the coal-fired power plant were: Boiler section; 
Steam Turbine section; Gas Cleaning section; and Compression/Preparation section for 
CO2 sequestration. The 533 MWe (gross) base PC power plant, as well as the power plant 
equipped with the MEA process for CO2 capture (hereafter referred to as PC-MEA), were 
referred to those reported by Chen et al which were based on a U.S. DOE PC plant.14,37  
The base PC plant includes values for operating conditions in the four sections of the 
plant. The configuration and operating conditions of the base plant were modified to 
accommodate inclusion of the LSCC process (hereafter referred to as PC-LSCC). Table 7 
gives the main parameter values used in the ChemCAD simulations for the PC-MEA and 
PC-LSCC plants. Energy usage for the different unit operations at the plants with LSCC 
and MEA were assumed to be the same as the DOE base plant, estimated from the DOE 
base plant, or found by direct simulation. Supporting information for the values in Table 
7, as well as parameter values for the base PC plant, is provided in Appendices B and C. 
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Table 7 Main operating and performance parameters for MEA and LSCC processes 
Parameter a PC plant with MEA14 
PC plant with 
LSCC 
Steam generation 
Gross output, MWe 533 533 
Hot reheat steam, lb/hr (kg/hr) 3,022,125  (1,370,578) 
3,027,000  
(1,372,789) 
Superheat steam, lb/hr (kg/hr) 3,422,824  (1,552,301) 
3,415,000  
(1,548,753) 
Additional steam to HP turbine from 
MEA/LSCC process, lb/hr (kg/hr) 0 
2,976,000  
(1,349,891) 
Heat duty of cooling tower, mmBtu/hr (MJ/hr) 1,104  (1,164,720) 2,918 (3,078,800) 
Absorber/Carbonator 
Inlet flue gas volume, lb/hr (kg/hr) 4,472,743  (2,028,455) 
4,294,504  
(1,947,621) 
Gas inlet temperature, °C 54 340 
SO2 inlet, lb/hr (kg/hr) 823 (373) 16,473 (7,471) 
Active solvent or sorbent concentration, wt % 30 100 
Active solvent or sorbent/CO2 molar ratio 5.0 1.0 
Operating temperature, °C 40-57 650 
Pressure drop, psi (atm) 3.00 (0.20) 1.47 (0.10) 
CO2 captured, lb/hr (kg/hr)b 
834,748  
(378,571) 834,857 (378,620) 
Stripper/Calciner 
Solvent or sorbent make-up, lb/hr (kg/hr) 2,794 (1,267) 0 
LP steam consumption, lb/hr (kg/hr) 1,380,364  (626,015) N/A
c 
Oxygen set point, mol % N/Ac 50 
Oxygen flow rate (95% purity), lb/hr (kg/hr) N/Ac 353,700 (160,436) 
Natural gas flow rate, lb/hr (kg/hr) N/Ac 83,500 (37,875) 
Percent of flue gas product recycled N/Ac 16 
Operating temperature, °C 95-116 950 
Pressure drop, psi (atm) 3.00 (0.20) 1.18 (0.08) 
a Parameter definitions: 
   Additional steam to HP turbine from MEA/LSCC process = HP steam generated from: 
heat recovery at adsorber; heat recovery from CO2-lean flue gas at heat exchanger after 
carbonator; heat recovery from CO2/water vapor gas stream at heat exchanger after 
calciner 
   Gross output = electrical output from the turbine/generator set 
   Heat duty of cooling tower = heat removed due to cooling and condensing steam from 
the steam turbines 
   Hot reheat steam = HP steam from reheater in boiler 
   LP steam consumption = LP steam required to provide the regeneration heat at the 
stripper for the MEA case 
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Table 7 (cont.) 
   Percent of flue gas product recycled = the portion of the CO2-rich stream from the 
calciner outlet recirculated back to the calciner 
   Solvent or sorbent make-up = fresh feed of solvent or sorbent into the CO2 capture 
process 
   Superheat steam = HP steam from superheater in boiler 
b Difference in CO2 captured between MEA and LSCC cases is due to round-off error 
c N/A = Not Applicable 
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3 RESULTS AND DISCUSSION 
3.1 Scenario 1 - SO2, NOx, PM and Mercury Control with no CO2 Capture 
The case scenarios in Table 5 were evaluated using IECM. Figures 11 and 12 show COE 
values for the 650 MWe (gross) and 175 MWe (gross) cases. These figures represent COE 
values for a power plant along the vertical axis versus delivered Illinois coal costs along 
the horizontal axis when firing different types of fuel (Illinois, PRB or 70/30 PRB/IL 
blend coals), for fixed delivered PRB coal costs of $20.0, $27.5 and $32.0/short ton 
($22.0, $30.3 and $35.3/metric ton). The COE values for a power plant firing 100% PRB 
coal are not dependent on the delivered Illinois coal cost, so those costs are represented 
by a constant COE value for each of the delivered PRB coal costs ($20.0, $27.5 and 
$32.0/short ton, or $22.0, $30.3 and $35.3/metric ton). The breakeven COE value for a 
particular coal type can be determined by finding the delivered Illinois coal cost below 
which the corresponding plant COE value is less than the plant COE value of an 
alternative coal type and price. For example, in Figure 11 for 100% Illinois coal, a 
delivered Illinois coal cost less than $33.0/short ton ($36.4/metric ton) corresponds to a 
COE value less than the COE value for 100% PRB coal at $27.5/short ton ($30.3/metric 
ton). Thus, the breakeven COE value for 100% Illinois coal against a fixed PRB coal cost 
of $27.5/short ton ($30.3/metric ton) occurs at a delivered Illinois coal cost of $33.0/short 
ton ($36.4/metric ton). Table 8 shows the breakeven delivered costs of each coal type 
(100% Illinois, Illinois mine-mouth, and 70/30 PRB/IL coal blend), for a fixed PRB coal 
delivered cost of $27.5/short ton ($30.3/metric ton). Capital and O&M costs were also 
estimated (Appendix D). 
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Notes:  
   COE = Cost of Electricity 
   Illinois = 100% Illinois coal 
   Mine-mouth = Illinois mine-mouth coal 
   PRB-32/IL = 70/30 blend of PRB/IL coal by weight at fixed PRB coal cost of 
$32.0/short ton ($35.3/metric ton) 
   PRB-27.5/IL = 70/30 blend of PRB/IL coal by weight at fixed PRB coal cost of 
$27.5/short ton ($30.3/metric ton) 
   PRB-20/IL = 70/30 blend of PRB/IL coal by weight at fixed PRB coal cost of 
$20.0/short ton ($22.0/metric ton) 
   The three horizontal lines – distinct from the vertical axis marks – represent COE 
values at different delivered PRB coal costs: 
      COE value for 100% PRB coal at $32.0/short ton  
                                                  ($35.3/metric ton) 
      COE value for 100% PRB coal at $27.5/short ton 
                                                  ($30.3/metric ton) 
      COE value for 100% PRB coal at $20.0/short ton 
                                                  ($22.0/metric ton) 
Figure 11 COE versus delivered Illinois coal cost for 650 MWe (gross) plant 
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Notes:  
   COE = Cost of Electricity 
   Illinois = 100% Illinois coal 
   Mine-mouth = Illinois mine-mouth coal 
   PRB-32/IL = 70/30 blend of PRB/IL coal by weight at fixed PRB coal cost of 
$32.0/short ton ($35.3/metric ton) 
   PRB-27.5/IL = 70/30 blend of PRB/IL coal by weight at fixed PRB coal cost of 
$27.5/short ton ($30.3/metric ton) 
   PRB-20/IL = 70/30 blend of PRB/IL coal by weight at fixed PRB coal cost of 
$20.0/short ton ($22.0/metric ton) 
   The three horizontal lines – distinct from the vertical axis marks – represent COE 
values at different delivered PRB coal costs: 
      COE value for 100% PRB coal at $32.0/short ton       
                                                  ($35.3/metric ton) 
      COE value for 100% PRB coal at $27.5/short ton 
                                                  ($30.3/metric ton) 
      COE value for 100% PRB coal at $20.0/short ton 
                                                  ($22.0/metric ton) 
Figure 12 COE versus delivered Illinois coal cost for 175 MWe (gross) plant 
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Table 8 Breakeven delivered Illinois coal costs against a fixed PRB cost of $27.5/short 
ton ($30.3/metric ton) (PC-tangential fired boiler) 
Breakeven delivered Illinois cost, 
$/short ton ($/metric ton) Coal type 
650 MWe (gross)a 175 MWe (gross)a 
2007 market cost of Illinois 
coal, $/short ton ($/metric 
ton) 
PRB-27.5/IL 
blendb 39.5 (43.5) 36.0 (39.7) 35.0 (38.6) 
Mine-mouth 
IL 21.0 (23.1) 6.5 (7.2) 17.6 (19.4) 
100% Illinois 33.0 (36.4) 21.0 (23.1) 35.0 (38.6) 
a “Gross” indicates gross electrical output, which means the total electrical output from 
an electric generating unit (EGU) before making any deductions for energy output used 
in any way related to the production of energy (for an EGU generating only electricity, 
the gross electrical output is the output from the turbine/generator set) 
b PRB-27.5/IL blend = 70/30 blend of PRB/IL coal by weight at fixed PRB coal cost of 
$27.5/short ton ($30.3/metric ton) 
 
For 100% PRB coal at $27.5/short ton ($30.3/metric ton), the breakeven coal costs of 
100% Illinois coal are less than the 2007 Illinois coal market cost for the 650 MWe case. 
This indicates that the 100% Illinois coal case does not compete with the 100% PRB coal 
case. However, for the 70/30 PRB/IL coal blend, the breakeven coal costs of Illinois coal 
are higher than the 2007 Illinois coal market costs, making Illinois coal more competitive 
with 100% PRB. As the PRB coal cost increases, the breakeven delivered Illinois coal, 
Illinois mine-mouth coal, and 70/30 PRB/IL coal blend costs increase and those coals 
become more competitive with the 100% PRB coal case. For example, at a delivered 
PRB coal cost of $32.0/short ton ($35.3/metric ton) at a 650 MWe plant, the breakeven 
delivered Illinois coal cost is $39.5/short ton ($43.5/metric ton) for the 100% Illinois coal 
case. Similar trends can be observed for the 175 MWe case. For both plant sizes, the 
70/30 PRB/IL coal blend is more competitive with PRB coal than 100% Illinois coal, at 
all the selected PRB delivered costs ($20.0, $27.5 and $32.0/short ton, or $22.0, $30.3 
and $35.3/metric ton). 
For the 650 MWe case, at constant PRB coal costs of $27.5/short ton ($30.3/metric ton) 
and $32.0/short ton ($35.3/metric ton), the addition of Illinois coal to PRB coal to 
provide a 70/30 PRB/IL coal blend gives comparable (within $1.8/short ton, or 
$2.0/metric ton) or less COE values compared to 100% PRB coal, for the selected range 
of Illinois coal costs ($30.0, $35.0 and $40.0/short ton, or $33.1, $38.6 and $44.1/metric 
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ton). This shows that the 70/30 PRB/IL coal blend can be competitive with 100% PRB 
coal for the 650 MWe case. Similar trends can be observed for the 175 MWe case. 
However, breakeven Illinois coal costs for the 100% Illinois and Illinois mine-mouth 
cases ($21.0/short ton and $6.5/short ton ($23.1/metric ton and $7.2/metric ton), 
respectively) at a constant PRB coal cost of $27.5/short ton ($30.3/metric ton) are 
distinctively different from those at the 650 MWe plant ($33.0/short ton and $21.0/short 
ton, or $36.4/metric ton and $23.1/metric ton). A likely reason for this is that the SO2 and 
PM control costs for these two cases have a higher contribution to COE at the 175 MWe 
plant than at the 650 MWe plant, whereas the control costs for the 70/30 PRB/IL coal 
blend have essentially the same contribution at both plant sizes (see Figures 13 and 14 
below). An Illinois mine-mouth plant can be competitive with the PRB and 70/30 PRB/IL 
coal blend only at the 650 MWe plant size. For this plant size, a low-cost Illinois mine 
coal ($17.6/short ton, or $19.4/metric ton) yields lower COE values than 100% PRB and 
70/30 PRB/IL blend coals, except for some cases with the lowest PRB coal cost assumed 
($20.0/short ton, or $22.0/metric ton). At a high Illinois mine-mouth coal cost 
($25.0/short ton, or $27.6/metric ton), the 650 MWe plant has comparable or lower COE 
values than the following cases: 100% PRB coal case with the highest cost at $32.0/short 
ton ($35.3/metric ton); and the two 70/30 PRB/IL coal blend cases with the costs of 
Illinois coal at $35.0/short ton and $40.0/short ton ($38.6/metric ton and $44.1/metric 
ton) and the cost of PRB at $32.0/short ton ($35.3/metric ton).  
The breakdown of costs (Figures 13 and 14) shows that plant COE is most sensitive to 
fuel cost and SO2 control cost – due to a high percentage contribution of “fuel” and 
“SO2” in the total cost – and PM control cost to a lesser extent. This high sensitivity is 
due primarily to the significant variation in both the coal cost ($17.6 - $40.0/short ton, or 
$19.4 - $44.1/metric ton) and coal sulfur content (0.300 - 4.000 wt %) among the 
different coals. Plant COE is not sensitive to NOx control cost, and mercury control does 
not show significant influence on the plant COE.  Also, a 70/30 PRB/IL coal blend has a 
slightly lower percentage contribution of control cost to COE than 100% Illinois coal 
because it employs SDA+FF rather than wet FGD+ESP. 
The most cost-effective scenario for a 650 MWe PC plant – at 2007 market coal costs of 
$27.5/short ton ($30.3/metric ton) for PRB coal, $35.0/short ton ($38.6/metric ton) for 
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Illinois coal, and $17.6/short ton ($19.4/metric ton) for Illinois mine-mouth coal – is the 
Illinois mine-mouth coal ($67.0/MWh). The Illinois mine-mouth coal is most cost-
effective for the 650 MWe case due primarily to the lower contribution of “fuel” to plant 
COE compared to the “fuel” contributions of the other coal types (Figure 13). This lower 
“fuel” contribution helps compensate for the higher contribution of SO2 control to plant 
COE for the Illinois mine-mouth coal compared to the SO2 control contributions of the 
other coal types. The most cost-effective scenario for a 175 MWe PC plant – at 2007 
market coal costs – is the 70/30 PRB/IL coal blend ($95.0/MWh). The 70/30 PRB/IL coal 
blend replaces the Illinois mine-mouth as most cost-effective when the plant size is 
reduced to 175 MWe – even though the Illinois mine-mouth coal still has a lower 
contribution of “fuel” to plant COE compared to the other coal types – for the following 
reason: the SO2 and PM control costs for the Illinois mine-mouth case have a higher 
contribution to plant COE at the 175 MWe plant than at the 650 MWe plant, whereas 
these control costs for the 70/30 PRB/IL coal blend have essentially the same 
contribution to plant COE at both plant sizes (Figure 14). 
 
Figure 13 Breakdown costs for 650 MWe (gross) PC plant 
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Notes: 
   COE = Cost of Electricity 
   Illinois-40 = 100% Illinois coal at cost of $40.0/short ton ($44.1/metric ton) 
   Illinois-35 = 100% Illinois coal at cost of $35.0/short ton ($38.6/metric ton) 
   Illinois-30 = 100% Illinois coal at cost of $30.0/short ton ($33.1/metric ton) 
   Mine-25 = Illinois mine-mouth coal at cost of $25.0/short ton ($27.6/metric ton) 
   Mine-17.6 = Illinois mine-mouth coal at cost of $17.6/short ton ($19.4/metric ton) 
   PRB-32 = 100% PRB coal at cost of $32.0/short ton ($35.3/metric ton) 
   PRB-27.5 = 100% PRB coal at cost of $27.5/short ton ($30.3/metric ton) 
   PRB-20 = 100% PRB coal at cost of $20.0/short ton ($22.0/metric ton) 
   PRB-32, IL-40 = 70/30 blend of PRB/IL coal by weight at PRB coal cost of 
$32.0/short ton ($35.3/metric ton) and Illinois coal cost of $40.0/short ton 
($44.1/metric ton) 
   PRB-32, IL-35 = 70/30 blend of PRB/IL coal by weight at PRB coal cost of 
$32.0/short ton ($35.3/metric ton) and Illinois coal cost of $35.0/short ton 
($38.6/metric ton) 
   PRB-32, IL-30 = 70/30 blend of PRB/IL coal by weight at PRB coal cost of 
$32.0/short ton ($35.3/metric ton) and Illinois coal cost of $30.0/short ton 
($33.1/metric ton) 
   PRB-27.5, IL-40 = 70/30 blend of PRB/IL coal by weight at PRB coal cost of 
$27.5/short ton ($30.3/metric ton) and Illinois coal cost of $40.0/short ton 
($44.1/metric ton) 
   PRB-27.5, IL-35 = 70/30 blend of PRB/IL coal by weight at PRB coal cost of 
$27.5/short ton ($30.3/metric ton) and Illinois coal cost of $35.0/short ton 
($38.6/metric ton) 
   PRB-27.5, IL-30 = 70/30 blend of PRB/IL coal by weight at PRB coal cost of 
$27.5/short ton ($30.3/metric ton) and Illinois coal cost of $30.0/short ton 
($33.1/metric ton) 
   PRB-20, IL-40 = 70/30 blend of PRB/IL coal by weight at PRB coal cost of 
$20.0/short ton ($22.0/metric ton) and Illinois coal cost of $40.0/short ton 
($44.1/metric ton) 
   PRB-20, IL-35 = 70/30 blend of PRB/IL coal by weight at PRB coal cost of 
$20.0/short ton ($22.0/metric ton) and Illinois coal cost of $35.0/short ton 
($38.6/metric ton) 
   PRB-20, IL-30 = 70/30 blend of PRB/IL coal by weight at PRB coal cost of 
$20.0/short ton ($22.0/metric ton) and Illinois coal cost of $30.0/short ton 
($33.1/metric ton) 
Figure 13 (cont.) 
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Notes: 
   COE = Cost of electricity 
   Illinois-40 = 100% Illinois coal at cost of $40.0/short ton ($44.1/metric ton) 
   Illinois-35 = 100% Illinois coal at cost of $35.0/short ton ($38.6/metric ton) 
   Illinois-30 = 100% Illinois coal at cost of $30.0/short ton ($33.1/metric ton) 
   Mine-25 = Illinois mine-mouth coal at cost of $25.0/short ton ($27.6/metric ton) 
   Mine-17.6 = Illinois mine-mouth coal at cost of $17.6/short ton ($19.4/metric ton) 
   PRB-32 = 100% PRB coal at cost of $32.0/short ton ($35.3/metric ton) 
   PRB-27.5 = 100% PRB coal at cost of $27.5/short ton ($30.3/metric ton) 
   PRB-20 = 100% PRB coal at cost of $20.0/short ton ($22.0/metric ton) 
   PRB-32, IL-40 = 70/30 blend of PRB/IL coal by weight at PRB coal cost of 
$32.0/short ton ($35.3/metric ton) and Illinois coal cost of $40.0/short ton 
($44.1/metric ton) 
   PRB-32, IL-35 = 70/30 blend of PRB/IL coal by weight at PRB coal cost of 
$32.0/short ton ($35.3/metric ton) and Illinois coal cost of $35.0/short ton 
($38.6/metric ton) 
   PRB-32, IL-30 = 70/30 blend of PRB/IL coal by weight at PRB coal cost of 
$32.0/short ton ($35.3/metric ton) and Illinois coal cost of $30.0/short ton 
($33.1/metric ton) 
   PRB-27.5, IL-40 = 70/30 blend of PRB/IL coal by weight at PRB coal cost of 
$27.5/short ton ($30.3/metric ton) and Illinois coal cost of $40.0/short ton 
($44.1/metric ton) 
   PRB-27.5, IL-35 = 70/30 blend of PRB/IL coal by weight at PRB coal cost of 
$27.5/short ton ($30.3/metric ton) and Illinois coal cost of $35.0/short ton 
($38.6/metric ton) 
Figure 14 Breakdown costs for 175 MWe (gross) PC plant 
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   PRB-27.5, IL-30 = 70/30 blend of PRB/IL coal by weight at PRB coal cost of 
$27.5/short ton ($30.3/metric ton) and Illinois coal cost of $30.0/short ton 
($33.0/metric ton) 
   PRB-20, IL-40 = 70/30 blend of PRB/IL coal by weight at PRB coal cost of 
$20.0/short ton ($22.0/metric ton) and Illinois coal cost of $40.0/short ton 
($44.1/metric ton) 
   PRB-20, IL-35 = 70/30 blend of PRB/IL coal by weight at PRB coal cost of 
$20.0/short ton ($22.0/metric ton) and Illinois coal cost of $35.0/short ton 
($38.6/metric ton) 
   PRB-20, IL-30 = 70/30 blend of PRB/IL coal by weight at PRB coal cost of 
$20.0/short ton ($22.0/metric ton) and Illinois coal cost of $30.0/short ton 
($33.1/metric ton) 
Figure 14 (cont.) 
 
3.2 Scenario 2 - SO2, NOx, PM and Mercury Control and 90% CO2 Capture with 
MEA 
Figures 15 and 16 show new COE values for the previous PC power plant scenarios, with 
the addition of a CO2 capture system (CC). Table 9 shows the breakeven delivered costs 
of each coal type, for a fixed PRB delivered cost of $27.5/short ton ($30.3/metric ton). 
Tables of environmental as well as economic impacts of CO2 capture on the 650 MWe 
(gross) and 175 MWe (gross) PC plant cases are in Appendix D.  
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Notes:  
   COE = Cost of electricity 
   Illinois = 100% Illinois coal 
   Mine-mouth = Illinois mine-mouth coal 
   PRB-32/IL = 70/30 blend of PRB/IL coal by weight at fixed PRB coal cost of 
$32.0/short ton ($35.3/metric ton) 
   PRB-27.5/IL = 70/30 blend of PRB/IL coal by weight at fixed PRB coal cost of 
$27.5/short ton ($30.3/metric ton) 
   PRB-20/IL = 70/30 blend of PRB/IL coal by weight at fixed PRB coal cost of 
$20.0/short ton ($22.0/metric ton) 
   The three horizontal lines – distinct from the vertical axis marks – represent COE 
values at different delivered PRB coal costs: 
      COE value for 100% PRB coal at $32.0/short ton  
                                                  ($35.3/metric ton) 
      COE value for 100% PRB coal at $27.5/short ton 
                                                  ($30.3/metric ton) 
      COE value for 100% PRB coal at $20.0/short ton 
                                                  ($22.0/metric ton) 
Figure 15 COE versus delivered Illinois coal cost for 650 MWe (gross) PC-CC plant 
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Notes:  
   COE = Cost of electricity 
   Illinois = 100% Illinois coal 
   Mine-mouth = Illinois mine-mouth coal 
   PRB-32/IL = 70/30 blend of PRB/IL coal by weight at fixed PRB coal cost of 
$32.0/short ton ($35.3/metric ton) 
   PRB-27.5/IL = 70/30 blend of PRB/IL coal by weight at fixed PRB coal cost of 
$27.5/short ton ($30.3/metric ton) 
   PRB-20/IL = 70/30 blend of PRB/IL coal by weight at fixed PRB coal cost of 
$20.0/short ton ($22.0/metric ton) 
   The three horizontal lines – distinct from the vertical axis marks – represent COE 
values at different delivered PRB coal costs: 
      COE value for 100% PRB coal at $32.0/short ton  
                                                  ($35.3/metric ton) 
      COE value for 100% PRB coal at $27.5/short ton 
                                                  ($30.3/metric ton) 
      COE value for 100% PRB coal at $20.0/short ton 
                                                  ($22.0/metric ton) 
Figure 16 COE versus delivered Illinois coal cost for 175 MWe (gross) PC-CC plant 
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Table 9 Breakeven delivered Illinois coal costs against a fixed PRB cost of $27.5/short  
ton ($30.3/metric ton) (PC-tangential fired boiler with CC) 
Breakeven delivered Illinois cost, 
$/short ton ($/metric ton) Coal type 
650 MWe (gross)a 175 MWe (gross)a 
2007 market cost of Illinois 
coal, $/short ton ($/metric 
ton) 
PRB-27.5/IL 
blendb 41.0 (45.2) 39.5 (43.5) 35.0 (38.6) 
Mine-mouth 
IL 18.5 (20.4) 1.5 (1.7) 17.6 (19.4) 
100% Illinois 36.0 (39.7) 21.5 (23.7) 35.0 (38.6) 
a “Gross” indicates gross electrical output, which means the total electrical output from 
an electric generating unit (EGU) before making any deductions for energy output used 
in any way related to the production of energy (for an EGU generating only electricity, 
the gross electrical output is the output from the turbine/generator set) 
b PRB-27.5/IL blend = 70/30 blend of PRB/IL coal by weight at fixed PRB coal cost of 
$27.5/short ton ($30.3/metric ton) 
As shown in Appendix D, the SO2 emissions from the plant dropped sharply (> 99.5% on 
a short tons/hour and metric tons/hour basis) with the addition of CO2 capture, due to the 
strong affinity of the amine solvent for SO2. Emissions of NOx dropped slightly (2%) 
with the addition of CO2 capture, while PM emissions dropped 50% and mercury 
emissions remained the same, on a short tons/hour and metric tons/hour basis. The higher 
total CO2 emissions (additional 4%) when burning PRB coal compared to Illinois coal is 
due to the lower higher heating value (HHV) and higher moisture content of the PRB 
coal. The higher CO2 emissions, combined with a higher flue gas volume (i.e., 5%) 
compared to Illinois coal, results in a higher control cost when burning PRB coal. 
Addition of CC to the PC scenarios adds $63/MWh – $68/MWH to the COE values for 
the 650 MWe case, and $72/MWh – $90/MWh to the COE values for the 175 MWe case. 
The 70/30 PRB/IL coal blend has the least total cost for both fixed O&M and variable 
O&M, while 100% Illinois coal has the least capital cost (Appendix D). For 100% PRB 
coal at a delivered cost of $27.5/short ton ($30.3/metric ton), the breakeven cost of 100% 
Illinois coal for the 650 MWe plant ($36.0/short ton, or $39.7/metric ton) increased to 
above the 2007 Illinois coal market cost ($35.0/short ton, or $38.6/metric ton). This 
shows that 100% Illinois coal can compete well with PRB in this case for a PC-CC plant, 
whereas it could not compete with PRB for a PC plant without CO2 capture. For the 
70/30 PRB/IL coal blend, there is again an increase in the breakeven costs of Illinois coal 
 51 
– where it is still higher than the 2007 Illinois market cost – and thus the 70/30 PRB/IL 
coal blend remains competitive with PRB, as with the PC plant without CO2 capture. 
As the PRB coal cost increases, the breakeven delivered Illinois coal, Illinois mine-mouth 
coal, and 70/30 PRB/IL coal blend costs increase and those coals become more 
competitive with PRB coal. As with the 650 MWe PC plant, at constant PRB coal costs of 
$27.5/short ton and $32.0/short ton ($30.3/metric ton and $35.3/metric ton), the addition 
of Illinois coal to PRB coal in a 70/30 PRB/IL coal blend gives comparable (within 
$2.2/short ton, or $2.4/metric ton) or less COE values compared to 100% PRB coal, for 
the selected range of Illinois coal costs ($30.0, $35.0 and $40.0/short ton, or $33.1, $38.6 
and $44.1/metric ton). This shows that the 70/30 PRB/IL coal blend can be competitive 
with 100% PRB coal for the PC-CC plant. As with the PC plant without CO2 capture, 
trends similar to the 650 MWe case with CO2 capture can be observed for the 175 MWe 
case with CO2 capture. However, the breakeven Illinois coal costs for the 100% Illinois 
and Illinois mine-mouth cases ($21.5/short ton and $1.5/short ton ($23.7/metric ton and 
$1.7/metric ton), respectively) are again distinctively different from those at the 650 
MWe plant ($36.0/short ton and $21.5/short ton, or $39.7/metric ton and $23.7/metric 
ton). The likely reason for this is the same as for the PC plants without CO2 capture: the 
SO2 and PM control costs for these two cases have a higher contribution to COE at the 
175 MWe plant compared to the 650 MWe plant, whereas the control costs for the 70/30 
PRB/IL coal blend have essentially the same contribution to COE at both plant sizes 
(Figures 17 and 18).  
An Illinois mine-mouth plant (at $17.6/short ton ($19.4/metric ton) coal cost) can be 
competitive with 100% PRB coal and 70/30 PRB/IL coal blend, but only for the 650 
MWe plant tested here. For this plant size, a low-cost mine-mouth coal ($17.6/short ton, 
or $19.4/metric ton) yields lower COE values than the following cases: 70/30 PRB/IL 
coal blend at $32.0/short ton ($35.3/metric ton) PRB coal cost; 70/30 PRB/IL coal blend 
at $27.5/short ton ($30.3/metric ton) PRB coal cost and $40.0/short ton ($44.1/metric ton) 
Illinois coal cost; and 100% Illinois coal at $35.0 and $40.0/short ton ($38.6 and 
$44.1/metric ton) coal costs. At high Illinois mine-mouth coal cost ($25.0/short ton, or 
$27.6/metric ton), this 650 MWe plant has higher COE values than all other coal types 
and costs.  
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The best case scenario for PC plants seeking to add CO2 capture, at 2007 market coal 
costs ($35.0/short ton ($38.5/metric ton) for Illinois coal, $27.5/short ton ($30.3/metric 
ton) for PRB coal, and $17.6/short ton ($19.4/metric ton) for Illinois mine-mouth coal), is 
the 70/30 PRB/IL coal blend for both a 650 MWe plant ($133.1/MWh) and a 175 MWe 
plant ($177.0/MWh). The CO2 control cost contribution to plant COE for the 70/30 
PRB/IL coal blend is higher than those of the 100% Illinois and Illinois mine-mouth 
coals, due to the higher CO2 emissions inherent to burning PRB coal. However, the 
higher SO2 control cost contributions to COE for the 100% Illinois and Illinois mine-
mouth coals, compared to the 70/30 PRB/IL coal blend, counter the lower CO2 control 
cost contributions for these coals sufficiently to make the 70/30 PRB/IL coal blend most 
cost-effective for the 650 MWe and 175 MWe cases (Figures 17 and 18).  
 
Notes: 
   COE = Cost of electricity 
   Illinois-40 = 100% Illinois coal at cost of $40.0/short ton ($44.1/metric ton) 
   Illinois-35 = 100% Illinois coal at cost of $35.0/short ton ($38.6/metric ton) 
   Illinois-30 = 100% Illinois coal at cost of $30.0/short ton ($33.1/metric ton) 
   Mine-25 = Illinois mine-mouth coal at cost of $25.0/short ton ($27.6/metric ton) 
   Mine-17.6 = Illinois mine-mouth coal at cost of $17.6/short ton ($19.4/metric ton) 
Figure 17 Breakdown costs for 650 MWe (gross) PC-CC plant 
 
 53 
   PRB-32 = 100% PRB coal at cost of $32.0/short ton ($35.3/metric ton) 
   PRB-27.5 = 100% PRB coal at cost of $27.5/short ton ($30.3/metric ton) 
   PRB-20 = 100% PRB coal at cost of $20.0/short ton ($22.0/metric ton) 
   PRB-32, IL-40 = 70/30 blend of PRB/IL coal at PRB coal cost of $32.0/short ton 
($35.3/metric ton) and Illinois coal cost of $40.0/short ton ($44.1/metric ton) 
   PRB-32, IL-35 = 70/30 blend of PRB/IL coal at PRB coal cost of $32.0/short ton 
($35.3/metric ton) and Illinois coal cost of $35.0/short ton ($38.6/metric ton) 
   PRB-32, IL-30 = 70/30 blend of PRB/IL coal at PRB coal cost of $32.0/short ton 
($35.3/metric ton) and Illinois coal cost of $30.0/short ton ($33.1/metric ton) 
   PRB-27.5, IL-40 = 70/30 blend of PRB/IL coal at PRB coal cost of $27.5/short ton 
($30.3/metric ton) and Illinois coal cost of $40.0/short ton ($44.1/metric ton) 
   PRB-27.5, IL-35 = 70/30 blend of PRB/IL coal at PRB coal cost of $27.5/short ton 
($30.3/metric ton) and Illinois coal cost of $35.0/short ton ($38.6/metric ton) 
   PRB-27.5, IL-30 = 70/30 blend of PRB/IL coal at PRB coal cost of $27.5/short ton 
($30.3/metric ton) and Illinois coal cost of $30.0/short ton ($33.1/metric ton) 
   PRB-20, IL-40 = 70/30 blend of PRB/IL coal at PRB coal cost of $20.0/short ton 
($22.0/metric ton) and Illinois coal cost of $40.0/short ton ($44.1/metric ton) 
   PRB-20, IL-35 = 70/30 blend of PRB/IL coal at PRB coal cost of $20.0/short ton 
($22.0/metric ton) and Illinois coal cost of $35.0/short ton ($38.6/metric ton) 
   PRB-20, IL-30 = 70/30 blend of PRB/IL coal at PRB coal cost of $20.0/short ton 
($22.0/metric ton) and Illinois coal cost of $30.0/short ton ($33.1/metric ton) 
   The IECM charges each abatement technology for the internal use of electricity and 
treats the charge as a credit within the “Boiler O&M” cost component of the model.  
Thus the contribution of Fuel Cost – which is based on the “Boiler O&M” component 
– to COE is very low or negative when CO2 capture technology is implemented 
Figure 17 (cont.) 
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Notes: 
   COE = Cost of electricity 
   Illinois-40 = 100% Illinois coal at cost of $40.0/short ton ($44.1/metric ton) 
   Illinois-35 = 100% Illinois coal at cost of $35.0/short ton ($38.6/metric ton) 
   Illinois-30 = 100% Illinois coal at cost of $30.0/short ton ($33.1/metric ton) 
   Mine-25 = Illinois mine-mouth coal at cost of $25.0/short ton ($27.6/metric ton) 
   Mine-17.6 = Illinois mine-mouth coal at cost of $17.6/short ton ($19.4/metric ton) 
   PRB-32 = 100% PRB coal at cost of $32.0/short ton ($35.3/metric ton) 
   PRB-27.5 = 100% PRB coal at cost of $27.5/short ton ($30.3/metric ton) 
   PRB-20 = 100% PRB coal at cost of $20.0/short ton ($22.0/metric ton) 
   PRB-32/IL-40 = 70/30 blend of PRB/IL coal at PRB coal cost of $32.0/short ton 
($35.3/metric ton) and Illinois coal cost of $40.0/short ton ($44.1/metric ton) 
   PRB-32/IL-35 = 70/30 blend of PRB/IL coal at PRB coal cost of $32.0/short ton 
($35.3/metric ton) and Illinois coal cost of $35.0/short ton ($38.6/metric ton) 
   PRB-32/IL-30 = 70/30 blend of PRB/IL coal at PRB coal cost of $32.0/short ton 
($35.3/metric ton) and Illinois coal cost of $30.0/short ton ($33.1/metric ton) 
   PRB-27.5/IL-40 = 70/30 blend of PRB/IL coal at PRB coal cost of $27.5/short ton 
($30.3/metric ton) and Illinois coal cost of $40.0/short ton ($44.1/metric ton) 
   PRB-27.5/IL-35 = 70/30 blend of PRB/IL coal at PRB coal cost of $27.5/short ton 
($30.3/metric ton) and Illinois coal cost of $35.0/short ton ($38.6/metric ton) 
   PRB-27.5/IL-30 = 70/30 blend of PRB/IL coal at PRB coal cost of $27.5/short ton 
($30.3/metric ton) and Illinois coal cost of $30.0/short ton ($33.1/metric ton) 
   PRB-20/IL-40 = 70/30 blend of PRB/IL coal at PRB coal cost of $20.0/short ton 
($22.0/metric ton) and Illinois coal cost of $40.0/short ton ($44.1/metric ton) 
Figure 18 Breakdown costs for 175 MWe (gross) PC-CC plant 
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   PRB-20/IL-35 = 70/30 blend of PRB/IL coal at PRB coal cost of $20.0/short ton 
($22.0/metric ton) and Illinois coal cost of $35.0/short ton ($38.6/metric ton) 
   PRB-20/IL-30 = 70/30 blend of PRB/IL coal at PRB coal cost of $20.0/short ton 
($22.0/metric ton) and Illinois coal cost of $30.0/short ton ($33.1/metric ton) 
   The IECM charges each abatement technology for the internal use of electricity and 
treats the charge as a credit within the “Boiler O&M” cost component of the model.  
Thus the contribution of Fuel Cost – which is based on the “Boiler O&M” component 
– to COE is very low or negative when CO2 capture technology is implemented 
Figure 18 (cont.) 
 
3.3 Assessment of Limestone Carbonation-Calcination Process 
The LSCC process for CO2 capture from the boiler flue gas, along with the boiler, steam 
turbines, and gas cleaning systems, were evaluated using ChemCAD (version 6.1.0). The 
inputs from Table 7, along with additional inputs found in Appendix C, were used in the 
ChemCAD program to obtain values for process energy usage. Table 10 shows the results 
of auxiliary power use and overall process performance for a 533 MWe (gross) plant with 
LSCC. The case with no CO2 capture, and the case with CO2 capture using the MEA 
process, is also included in the table for comparison. A summary comparison of process 
conditions and environmental impacts for the LSCC and MEA processes is presented in 
this section as well. Detailed results of the mass/energy balance simulations for the LSCC 
process are available in Appendix E. 
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Table 10 Auxiliary power use and overall process performance for select cases 
Auxiliary load, kWea,b PC-LSCC PC-MEA14
Base plant with no
CO2 capture14 
Coal handling 233 233 233 
Coal pulverizer 2,017 2,017 2,017 
Primary air fans 1,199 1,199 1,199 
Forced draft fans 1,142 1,142 1,142 
Induced draft fans 4,182d 4,921 4,921 
Seal air blowers 45 45 45 
Steam turbine auxiliaries 884 884 884 
Steam condensate pumps 895 895 895 
Main feed pump 20,706d 10,938c 10,938c 
Circulating water pumps 8,634 2,124e 4,187 
Cooling tower fans 4,881 1,201e 2,367 
Ash handling 1,658 1,658 1,658 
Miscellaneous 2,411 2,411 2,411 
Transformer loss 1,215 1,215 1,215 
LSCC or MEA:   
   Induced draft fans 11,90d 13,098d N/Af 
   Sorbent or solvent transportation 
equipment 1,076
d 2,801d N/Af 
   ASU 28,288e N/Af N/Af 
CO2 compressor 54,647d 35,423d  N/Af 
ESP  1,259 1,259 1,259 
FGD 0 7,500 7,500 
SCR  2,750 2,750 2,750 
Total 150,023 82,776 34,683 
Overall Performance 
Steam turbine power, MW 717.1 440.9 533.2 
Auxiliary power, MW 150.0 82.8 34.7 
Heat input of coal, MW thermal (HHV) 1,319 1,318 1,318 
Heat input of natural gas, MW thermal 
(HHV) 524 N/A
f N/Af 
Net output power, MW 567.1 358.1 498.5 
Net efficiency, % HHV 30.8 27.2 37.8 
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Table 10 (cont.) 
a Auxiliary load definitions: 
   ASU = Air Separation Unit 
   Ash handling = equipment required for conveying, preparing, storing, and disposing  
the flyash and bottom ash produced on a daily basis by the boiler 
   Coal handling = equipment required for unloading, conveying, preparing, and storing  
the coal delivered to the plant 
   Circulating water pumps = supply cooling water to condense the main turbine  
exhaust steam 
   Cooling tower fans = fans used to induce air flow within the cooling tower to cool  
warm water from the steam condenser 
   ESP = Electrostatic Precipitator 
   FGD = Flue Gas Desulfurization 
   Forced draft fans = fans that take air from the atmosphere and, first warming it in  
the air preheater, inject it via the air nozzles on the furnace wall 
   Induced draft fans = fans that assist the forced draft fans by drawing out flue gases  
from the furnace, maintaining a slightly negative pressure in the furnace to avoid 
backfiring through any opening 
   Induced draft fans (LSCC or MEA) = fans that restore pressure loss from the LSCC  
process (carbonator and calciner) or MEA process 
   Main feed pump = pumps feedwater from the deaerator storage tank to the economizer  
inlet on the boiler and to the LSCC heat exchangers. Includes smaller pump that pumps  
water from steam condenser to the deaerator. The deaerator storage tank assists in  
maintaining low levels of dissolved oxygen in the feedwater, while providing an  
enhanced ability to tolerate certain transients, such as trip of a condensate pump 
   Primary air fans = fans that take air from the atmosphere and provide the pressure  
to pass the air through the air pre-heater and coal pulverizers to the boiler burners 
   SCR = Selective Catalytic Reduction 
   Steam condensate pumps = pumps that pump condensate from the condenser hotwell  
through the feedwater heaters 
   Transformer loss = electricity loss due to the use of transformers to step the voltage  
up from the electricity generator as needed for transmission to its destination 
   Transportation equipment (LSCC or MEA) = pneumatic transportation of CaO using  
boiler flue gas and CaCO3 using CO2-rich gas stream in the LSCC case, and  
transportation of MEA using pumps in the MEA case 
b Energy use for particular unit operations in the LSCC and MEA processes were 
assumed to be the same as those in the base plant, unless indicated otherwise 
c For the MEA and Base cases, the portion of steam used to drive the turbine for water feeding is  
not counted in the gross output 
d Values were simulated in ChemCAD 
e Values were calculated (see Appendices B and C) 
f N/A = Not Applicable 
g HHV = Higher Heating Value 
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Process conditions, including consumables, sorbent mass flows, and operating 
temperatures and pressures, are shown in Table 7 for the LSCC and MEA process 
simulations. The energy usage for the ASU in the LSCC case was calculated based on a 
value of 160 kWh/short ton (176 kWh/metric ton) O2 (see Appendix C4). Fans, pumps 
and the CO2 product gas compressor operate at an assumed efficiency of 85%. The CO2 
product compressor consists of three stages, with an inter-stage cooling temperature of 40 
°C. 
While the major difference between the LSCC and MEA processes is the use of a solid 
sorbent instead of a liquid solvent to capture CO2, there are several other significant 
differences that should be noted. The temperature in the carbonator for LSCC was 
maintained at 650 °C, compared to 40 - 57 °C for the absorber in the MEA process. This 
high temperature in the carbonator allowed the recovery of reaction heat to generate HP 
steam. Another significant difference between the two processes is that FGD for SO2 
removal is not necessary with the LSCC process. Finally, lime and limestone solids are 
transported in the LSCC process by using process gas streams (see Appendices C3 and 
C4), whereas the MEA solution is transported using liquid pumps. 
Maintaining the calciner in the LSCC process at 950 °C required the combustion of 
natural gas and high-purity oxygen (direct heat exchange), whereas maintaining the 
stripper in the MEA process at 95 - 116 °C required the consumption of LP steam 
withdrawn from the power plant steam cycle (indirect heat exchange, where steam in the 
reboiler is not in direct contact with CO2-laden MEA). Also, in the LSCC case a portion 
of heat is recovered from the CO2-rich stream out of the calciner (950 °C), to produce 
additional HP steam for the plant. The limestone bleed (removal from the process) was 
assumed at zero for a “perfect” adsorption/desorption cycle (reflecting a best-case study 
for the LSCC process), whereas MEA solution bleed was 1 wt % of the regenerator MEA 
solution flow rate. Finally, the LSCC process in this study used the stoichiometric 
Ca/CO2 molar ratio (1:1), which again presents a best-case study for LSCC, while the 
MEA process used the practical molar ratio (MEA/CO2 = 5:1). 
Regarding final stack emissions, the LSCC process occurs before the standard flue gas 
cleaning processes (SCR, ESP and FGD), while the MEA process occurs after these flue 
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gas cleaning processes. The SO2 and HCl emissions were reduced to essentially zero – 
from the base plant simulation – with both the LSCC and MEA processes. While stack 
emissions of NOx were also reduced to essentially zero with the MEA process, the LSCC 
process was assumed to not have affected these emissions. The stack CO2 emissions with 
the LSCC and MEA processes are the same (90% removal of CO2 from the inlet flue 
gas). The stack flow rates of other pollutants (PM and mercury), with both the LSCC and 
MEA processes, were assumed to not have changed from the base plant simulation.   
The total auxiliary power use for the LSCC case is 150 MWe, compared to 175 MWe for 
MEA (which includes a 92 MWe power loss due to steam extraction for MEA 
regeneration). The largest contributor to the power use in the LSCC case is compression 
of the CO2 product gas from the LSCC process, which requires 55 MWe. This is higher 
(+19 MWe) compared to the MEA process due to a larger volumetric flow rate of CO2 
stream (from combustion of natural gas in calciner) and lower CO2 pressure prior to 
compression in the LSCC process (15.8 psia vs. 25.0 psia, or 1.08 atm vs. 1.70 atm). The 
ASU in the LSCC case uses 28 MWe of the available power to the power plant. The ASU 
produces oxygen, in order to combust natural gas for providing the heat in the calciner. 
Compared to the MEA case, the large amount of additional energy (+10 MWe) consumed 
by the main feed pump in the LSCC case is a result of the extra water demand for heat 
recovery from the carbonator and calciner.  
The net power output for the LSCC process scenario is 567 MWe, compared to 358 MWe 
for the MEA process scenario. A significant portion of the additional power output in the 
LSCC case is from heat recovered from the exothermic reaction in the carbonator (114 
MWe), as well as from the hot (650 °C) flue gas stream out of the carbonator (34 MWe) 
and the high-temperature (950 °C) CO2/H2O stream out of the calciner (36 MWe). The 
net efficiency for the LSCC process scenario is 30.8%, which is higher than the MEA 
process scenario (27.2%) but lower than the base scenario (37.8%). 
As indicated in Section 1.4.2, select studies of limestone usage in the carbonation-
calcination process for CO2 capture at an air-blown PC power plant indicate the need for 
energy use details. The study by Ramkumar et al, using a hydrated lime process 
integrated with the rest of the plant, uses steam generated from the boiler flue gas as a 
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heat source at the calciner.18 However, the LSCC process here uses natural gas as a heat 
source for direct heat exchange at the calciner. The hydrated lime study resulted in an 
auxiliary power use of 104 MWe (51 MWe for CO2 compression), and a net plant 
efficiency of 33%.18 The DOE/NETL target of a 30 - 50% reduction from the 
regeneration heat duty of the MEA process, for CO2 removal processes utilizing solid 
sorbents for up to 90% CO2 capture, results in an equivalent auxiliary energy use of 46 - 
64 MWe.20 This auxiliary energy use does not include energy use for compression, pumps 
and fans, and is not comparable to the LSCC process here. The investigation of the 
limestone adsorption-desorption process by the European Commission targets a 
minimum CO2 capture efficiency of only 60% from the boiler’s flue gas for retrofitted 
power plants.22 Thus an energy use comparison with the European Commission process 
is not applicable for the LSCC process here which captures 90% CO2 from the boiler flue 
gas. The simulated process by Grasa et al, which included an analysis of heat recovery 
from the hot (1000 °C) CO2 stream out of the desorption reactor, was based on a 1000 
MWth plant and removed only 33% of the CO2 in the boiler flue gas.19 Regarding energy 
use, this study also is not comparable to the LSCC process here.  
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4 SUMMARY OF CONCLUSIONS AND RECOMMENDATIONS AND FUTURE 
WORK 
4.1 IECM Evaluations 
Recent regulations from the U.S. Environmental Protection Agency limit emissions of 
sulfur dioxide (SO2), nitrogen oxides (NOx), particulate matter (PM) and mercury to the 
atmosphere. As a result of these regulations, this study used the Integrated Environmental 
Control Model (IECM) to investigate the economic competitiveness of burning select 
blends of Illinois high-sulfur bituminous (or, “IL”)  and western low-sulfur Powder River 
Basin (PRB) coals at pulverized coal (PC) power plants while meeting the air emission 
limitations in these regulations. IECM allows for specifying fuel cost, fuel composition, 
and environmental compliance limits for SO2, NOx, PM and mercury. Assumptions for 
particular IECM performance requirements were developed and used as inputs in IECM. 
These inputs were used to evaluate scenarios with different coal feed types and 
environmental controls. Model parameters tested were: coal type and cost; control 
technology for SO2, NOx, PM and mercury; and boiler size. The breakeven costs of 
electricity with respect to use of different fuels, as well as the capital and operation and 
maintenance costs, were estimated for the different scenarios.  
For a 650 MWe (gross) PC power plant, 100% Illinois #6 high-sulfur bituminous coal 
costing more than $33.0/short ton ($36.4/metric ton) could not compete with 100% 
western PRB low-sulfur sub-bituminous coal at the 2007 PRB coal cost of $27.5/short 
ton ($30.3/metric ton). However, it was determined that a 70/30 PRB/IL coal blend 
(weighted-averages of the two individual coals according to their ratio in the blend) at the 
2007 market costs of Illinois coal ($35.0/short ton, or $38.6/metric ton), as well as Illinois 
coal at a new Illinois mine-mouth facility ($17.6/short ton, or $19.4/metric ton), can be 
competitive with 100% PRB at $27.5/short ton ($30.3/metric ton). The 100% Illinois coal 
case becomes less competitive with a decrease in plant size, and for a 175 MWe (gross) 
PC plant even low-cost Illinois coal ($30.0/short ton, or $33.1/metric ton) does not 
compete with 100% PRB coal or the 70/30 PRB/IL coal blend. The most cost-effective 
case scenario for PC plants, at the 2007 market coal costs ($27.5/short ton ($30.3/metric 
ton) for PRB coal, $35.0/short ton ($38.6/metric ton) for Illinois coal, and $17.6/short 
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ton ($19.4/metric ton) for Illinois mine-mouth coal), is the Illinois mine-mouth for a 650 
MWe (gross) plant ($67.0/MWh) and the 70/30 PRB/IL coal blend for a 175 MWe (gross) 
plant ($95.0/MWh). The Illinois mine-mouth coal is most cost-effective for the 650 MWe 
case due primarily to its lower coal cost compared to the other coal types. The lower coal 
cost helps compensate for the higher SO2 control cost for the Illinois mine-mouth coal 
compared to the other coal types. The 70/30 PRB/IL coal blend replaces the Illinois 
mine-mouth as most cost-effective when the plant size is reduced to 175 MWe  – even 
though the Illinois mine-mouth coal still has a lower coal cost compared to the other coal 
types – for the following reason: the SO2 and PM control costs for the Illinois mine-
mouth case have a higher contribution to plant COE at the 175 MWe plant than at the 
650 MWe plant, whereas these control costs for the 70/30 PRB/IL coal blend have 
essentially the same contribution to plant COE at both plant sizes. 
Since power plants are one of the biggest emission sources of carbon dioxide (CO2) – a 
main greenhouse gas – and thus a target for potential CO2 regulations, 90% CO2 capture 
from the flue gas using a monoethanolamine (MEA) absorption process was also 
evaluated within the IECM study. With the addition of CO2 capture using the MEA 
process, the breakeven delivered Illinois coal costs increase for 100% Illinois coal and the 
70/30 PRB/IL coal blend, making these coals more competitive when compared to the 
100% PRB coal case. However, the breakeven delivered Illinois coal cost decreases with 
the addition of CO2 capture for the Illinois mine-mouth coal case, making the Illinois 
mine-mouth coal less competitive when compared to the 100% PRB coal case. For a 650 
MWe (gross) PC plant with CO2 capture, 100% Illinois coal costing less than $36.0/short 
ton ($39.7/metric ton) can be cost-effective relative to the 100% PRB coal case at 
$27.5/short ton ($30.3/metric ton). Also with addition of CO2 capture, the 100% Illinois 
coal case (at the 2007 cost of $35.0/short ton, or $38.6/metric ton) can compete with the 
following cases: 100% PRB coal at PRB coal costs of $27.5 and $32.0/short ton ($30.3 
and $35.3/metric ton); and the 70/30 PRB/IL coal blend at a PRB coal cost of $32.0/short 
ton ($35.3/metric ton) for the 650 MWe (gross) plant. As with the PC cases without CO2 
capture, the 100% Illinois coal case with the addition of CO2 capture becomes less 
competitive with a decrease in plant size. The 100% Illinois coal case (at the 2007 market 
cost of $35.0/short ton, or $38.6/metric ton) cannot compete with either 100% PRB coal 
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or the 70/30 PRB/IL coal blend at PRB coal costs of $20.0, $27.5 and $32.0/short ton 
($22.0, $30.3 and $35.3/metric ton) for the 175 MWe (gross) case. Emissions of SO2, 
NOx and PM (short tons/hour and metric tons/hour) decreased with the addition of CO2 
capture to a PC plant, while mercury emissions (short tons/hour and metric tons/hour) 
remained the same. The most cost-effective case scenario for PC plants without CO2 
capture, at the 2007 market coal costs ($27.5/short ton ($30.3/metric ton) for PRB coal, 
$35.0/short ton ($38.6/metric ton) for Illinois coal, and $17.6/short ton ($19.4/metric ton) 
for Illinois mine-mouth coal) is the Illinois mine-mouth for a 650 MWe (gross) plant 
($67.0/MWh) and the 70/30 PRB/IL coal blend for a 175 MWe (gross) plant 
($95.0/MWh). The most cost-effective case scenario for PC plants seeking to add CO2 
capture, at the 2007 market coal costs, is the 70/30 PRB/IL coal blend for both a 650 
MWe (gross) plant ($133.1/MWh) and a 175 MWe (gross) plant ($177.0/MWh). The CO2 
control cost for the 70/30 PRB/IL coal blend is higher than the 100% Illinois and Illinois 
mine-mouth coals, due to the higher CO2 emissions inherent to burning PRB coal. 
However, the higher SO2 control costs for the 100% Illinois and Illinois mine-mouth 
coals, compared to the 70/30 PRB/IL coal blend, counter the lower CO2 control costs for 
these coals sufficiently to make the 70/30 PRB/IL coal blend most cost-effective for the 
650 MWe and 175 MWe cases. 
For future work, it is recommended that a 70/30 PRB/IL coal blend be fired in a field 
study to confirm the conclusions of this study. The field study should demonstrate that 
select blends of coal can be fired in a boiler while using dry flue gas desulphurization, 
selective catalytic reduction, and fabric filtration with 90% removal of mercury emissions 
without problems for the operator of the boiler. 
4.2 LSCC Process Simulation 
Most existing CO2 capture systems utilize absorption-based technology, though it is an 
energy intensive process. The solid adsorption method has potential to be competitive 
with the MEA absorption process, regarding energy conversion efficiency for a PC power 
plant. Therefore, a second part of this study investigated a process using limestone to 
remove 90% of the CO2 emissions at a PC power plant. The configuration and operating 
conditions of a 533 MWe (gross) U.S. Department of Energy (DOE) reference PC power 
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plant (referred to as the “base” plant) were modified to accommodate inclusion of the 
limestone carbonation-calcination (LSCC) process for capturing CO2 within the boiler 
flue gas. A 533 MWe (gross) power plant equipped with the MEA process for CO2 
capture, also based on the U.S. DOE reference PC power plant, was included for 
comparison. Energy usage for the different unit operations at the plants with LSCC and 
MEA were assumed to be the same as the base plant, estimated from the base plant, or 
found by direct simulation. Simulation of the LSCC process was performed using 
ChemCAD (version 6.1.0), as a “proof-of-concept” study with the goal of estimating the 
best-case energy use of the process at a PC power plant. Process inputs – for the 
combustion, steam generation, carbonator, calciner, and CO2 product sections of the plant 
– were used in the ChemCAD program to obtain results of auxiliary power use and 
overall process performance. 
The total auxiliary power use for the LSCC case is 150 MWe, compared to 175 MWe for 
MEA (which includes a 92 MWe power loss due to steam extraction for MEA 
regeneration). The power use in the LSCC case is attributed primarily to the CO2 
compressor (55 MWe), followed by the air separation unit (ASU) at the calciner (28 
MWe) and the main feed pump (21 MWe). The power use for CO2 compression in the 
LSCC process is higher than the MEA process, due to a larger volumetric flow rate of 
CO2 stream (from combustion of natural gas in the calciner) and lower CO2 pressure prior 
to compression in the LSCC process. The ASU produces high-purity oxygen for 
combustion of natural gas, which provides a heat source for the calciner. Additional 
energy is consumed by the main feed pump in the LSCC process compared to the MEA 
process, due to the extra water demand for heat recovery from the carbonator and 
calciner. Also, flue gas desulfurization for SO2 removal is not necessary with the LSCC 
process, which further reduces power use. High quality carbonation reaction heat, heat 
from the CO2-lean flue gas at the heat exchanger after the carbonator, and heat from the 
CO2/water vapor gas stream at the heat exchanger after the calciner are recovered for 
producing steam used for additional electricity generation in the LSCC process. The 
recovered heat in the LSCC process is associated with high temperatures in the 
carbonator (650 °C) and calciner (950 °C), whereas the MEA regenerator consumes low-
pressure steam (60 psia, or 4.1 atm, and 246 °C) from the power plant steam cycle. The 
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additional electricity leads to a higher net generation efficiency for the LSCC process 
(30.8%) compared to the MEA process (27.2%). Therefore, when considering energy 
requirement for CO2 capture at a PC plant, the LSCC process is more favorable than the 
MEA process. It should be noted that this is for the best-case scenario of LSCC based on 
ideal operating conditions. 
For future work, the following factors for the LSCC process should be evaluated to better 
assess the overall competitiveness with the MEA process with respect to energy use, 
process conditions, and emissions: Ca/CO2 molar ratios of 3:1 and 5:1; use of voidage 
values from 0.95 to 0.98 for fluidization of particles in the carbonator and calciner for 
pressure differential calculations; and use of coal instead of natural gas for heat supply at 
the calciner. 
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APPENDICES 
Appendix A General Items for LSCC Process 
Appendix A1 Equilibrium Curve for CaO with CO2 
 
Note: Figure created in ChemCAD51 
Figure 19 Equilibrium curve for CaO with CO2 
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Appendix A2 Equilibrium Curve for MgO with CO2 
 
Note: Figure accessed from Illinois Institute of Technology52 
Figure 20 Equilibrium curve for MgO with CO2 
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Appendix A3 Equilibrium Curve for Na2CO3 with CO2 
 
Note: Figure accessed from Y. Liang, Louisiana State University53 
Figure 21 Equilibrium curve for Na2CO3 with CO2 
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Appendix A4 Steam Utilization Curve 
0
100
200
300
400
500
600
700
800
900
1000
1 10 100 1000
Pressure, psia
Te
m
pe
ra
tu
re
0
10
20
30
40
50
60
70
80
90
100
E
ffi
ci
en
cy
 o
f h
ea
t-t
o-
el
ec
tri
c
Saturated
steam
IP and LP
steam
 
Notes: 
   Figure created in ChemCAD54  
   Temperature is in degrees Celsius 
   1 psia = 0.068 atm 
 
Figure 22 Steam utilization curve 
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Appendix B Assumptions for ChemCAD Simulations of Base Plant and Base Plant 
with MEA Process 
Appendix B1 Operating Conditions of Base Plant  
Table 11 Operating conditions of base plant 
Parameter PC plant with no CO2 control 
Data source 
Combustion 
Air/coal equivalent  
ratio 1.15 Reference
37 
Air flow rate, lb/hr (kg/hr) 3,991,198 (1,810,407) Reference14 
Coal feed rate, lb/hr (kg/hr) 360,611 (163,573) Reference14 
Steam generation 
Hot reheat steam,  
lb/hr (kg/hr) 3,022,125 (1,370,836)
Superheat steam,  
lb/hr (kg/hr) 3,422,824 (1,552,593)
Steam condensate,  
lb/hr (kg/hr) 2,802,051 (1,271,010)
Main feed-water,  
lb/hr (kg/hr) 3,321,228 (1,506,509)
Heat duty of cooling  
tower, mmBtu/hr (MJ/hr) 2,178 (2,297,790) 
Reference14 
Flue gas (post-FGD) 
Flue gas flow rate,  
lb/hr (kg/hr) 4,472,755 (2,028,842) Reference
14 
Flue gas temperature,  
°C 54 Assumed
14 
Composition, mol% 
N2 70.73 
O2 2.47 
CO2 13.75 
H2O 13.04 
SO2 0.0080 
NOx 0.0032 
Reference14 
Fly ash flow rate,  
lb/hr (kg/hr) 257 (117) Simulated
14 
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Appendix B2 Operating Conditions for MEA Process 
Table 12 Simulation Parameters for MEA Process 
Parameter PC plant with MEA Data source 
Combustion 
Air/coal equivalent ratio 1.15 Reference37 
Air flow rate, lb/hr (kg/hr) 3,991,198 (1,810,407) Reference14 
Coal feed rate, lb/hr (kg/hr) 360,611 (163,573)  Reference14 
Steam generation 
Hot reheat steam, lb/hr (kg/hr) 3,022,125 (1,370,836)
Superheat steam, lb/hr (kg/hr) 3,422,824 (1,552,593)
Steam condensate, lb/hr (kg/hr) 2,802,051 (1,271,010) 
Main feed-water, lb/hr (kg/hr) 3,321,228 (1,506,509) 
Heat duty of cooling tower, mmBtu/hr  
(MJ/hr) 1,104 (1,164,720) 
Reference14 
Absorber 
Inlet flue gas volume, lb/hr (kg/hr) 4,472,743 (2,028,836) Reference14 
Gas inlet temperature, °C 54 Reference45,46,47
SO2 inlet, lb/hr (kg/hr) 16,458 (7,465) Simulated 
Active MEA solvent concentration, wt % 30 Reference45,46,47
Active MEA solvent/CO2 molar ratio 5:1 Reference45,46,47
Operating temperature, °C 40 - 57 Simulated14 
Pressure drop, psi (atm) 3.0 (0.20) Assumed14 
CO2 capture efficiency, wt % 90 Assumed14 
CO2 captured, lb/hr (kg/hr) 834,748 (378,642) Simulated14 
Stripper 
MEA solvent make-up, lb/hr (kg/hr) 2,794 (1,267) Reference14 
LP steam consumption, lb/hr (kg/hr) 1,380,364 (626,133) Reference14 
Stripping temperature, °C 95 - 116 Simulated14 
Pressure drop, psi (atm) 3.0 (0.20) Assumed45,46,47 
CO2 product 
Flow rate, lb/hr (kg/hr) 834,748 (378,642) Simulated14 
Temperature, °C 20  Reference45,46,47
Pressure, psia (atm) 1,205 (82) Reference14 
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Appendix B3 Energy Use for Circulating Water Pumps and Cooling Tower Fans 
1) Circulating Water Pump Energy Use 
The energy use was calculated by linearly scaling up the base plant circulating water 
pumps energy use, based on the steam condensate flow rate from the base case 
simulation. 
2) Cooling Tower Fans Energy Use  
The energy use was calculated by linearly scaling up the base plant cooling tower fans 
energy use, based on cooling tower heat duty from the base case simulation. 
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Appendix C Assumptions for ChemCAD Simulation of LSCC Process 
Appendix C1 Boiler 
Table 13 Properties of Illinois coal14 
Composition As received (wt %) 
Dry (wt 
%) 
Dry, ash 
free (wt 
%) 
Dry, ash free 
(mol/100g) 
Number of 
atoms of 
each 
element in 
formulaa 
Combustion 
product 
Product 
(mol) 
Heat of 
formation 
(kJ/mol) 
kJ 
 
Moisture 6.08 - - -        
Carbon, C 70.28 74.83 82.67 6.88 164.39 CO2 164.39 -393.52 
-
64,692 
 
Hydrogen, H 4.77 5.08 5.61 5.57 132.98 H2O 66.41 -285.83 
-
18,982 
 
Nitrogen, N 1.44 1.53 1.69 0.12 2.88 NO 2.88 90.25 260  
Chlorine, Cl 0.21 0.22 0.24 0.01 0.16 - - - 0  
Sulfur, S 2.28 2.43 2.68 0.08 2.00 SO2 2.00 -296.83 -594  
Oxygen, O 6.25 6.65 7.35 0.46 10.97 -O2 5.48 0 0  
Ash 8.9 9.48 - - - - - - -  
  
2,388.5 (molecular weight, g/mol)  -2,557 
Coal heat 
of 
formation, 
kJ/molc 
HHV(Btu/lb)b 12,475 13,283 14,674   C164H133O11N3S2    
HHV(kJ/mol)b 69,244 73,729 81,450        
a Calculated based on the simplest whole-number ratio of atoms using the dry, ash free values  
b HHV = Higher Heating Value 
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Table 13 (cont.) 
c Coal heat of formation was calculated as follows: 
coalofmolperkJ
kJkJkJ
vvHHVformationofheatCoal
i
i
j
jcoal
557,2
260267,84450,81


 
 
where vj represents the heat of formation in kJ for each product j, and vi represents the heat of formation in kJ for each reagent i with i ≠ coal 
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Appendix C2 Operating Conditions for LSCC Process 
Table 14 Simulation parameters for LSCC process 
Parameter PC plant with LSCC Data source 
Combustion 
Air/coal equivalent ratio 1.15 Reference37 
Air flow rate, lb/hr (kg/hr) 3,965,800 (1,798,887) 
Simulated, 
Reference37 
Coal feed rate, lb/hr (kg/hr) 360,802 (163,660) 
Simulated, 
Reference37 
Steam generation 
Hot reheat steam, lb/hr (kg/hr) 3,027,000  (1,372,789) 
Superheat steam, lb/hr (kg/hr) 3,415,000  (1,548,753) 
HP steam generated from heat recovery in 
LSCC process, lb/hr (kg/hr) 
2,976,000 
(1,349,914) 
Steam condensate, lb/hr (kg/hr) 5,778,051 (2,620,924) 
Heat duty of cooling tower, mmBtu/hr 
(MJ/hr) 
2,918 
(3,078,800) 
Simulated 
Carbonator 
Inlet flue gas flow rate, lb/hr (kg/hr) 4,294,504 (1,947,987) Simulated 
Gas inlet temperature, °C 340 Simulated,  Calculated 
Gas inlet pressure, psia (atm) 14.5 (0.99) Simulated 
SO2 inlet, lb/hr (kg/hr) 16,473 (7,472) Simulated 
Sorbent/CO2 molar ratio 1.0 Assumed 
CaO in, lb/hr (kg/hr) 1,066,793 (483,897) Calculated 
Operating temperature, °C 650 Reference41,42,48,49 
Pressure drop, psi (atm) 1.47 (0.10) Calculated 
CO2 capture efficiency, wt % 90 Assumed 
CO2 captured, lb/hr (kg/hr) 
834,857 
(378,691) Simulated 
SO2 capture efficiency, wt % 100 Assumed 
SO2 captured, lb/hr (kg/hr) 16,473 (7,472) Simulated 
Calciner 
Sorbent make-up, lb/hr (kg/hr) 0 Assumed 
CaCO3 feed in, lb/hr (kg/hr) 
1,898,620 
(861,214) Calculated 
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Table 14 (cont.) 
Parameter PC plant with LSCC Data source 
CaCO3 temperature in (before mixing with 
CO2/O2/NG gas stream), °C  
650 Reference41,42,48,49
O2 set-point in inlet flow of CO2/O2/NG gas 
stream, mol % 50 Assumed 
O2 flow rate (95% purity), lb/hr (kg/hr) 
353,700 
(160,483) Simulated 
Natural gas flow rate, lb/hr (kg/hr) 83,500 (37,876) Simulated 
Percent of product gas recirculated 16 Assumed 
Operating temperature, °C 950 Reference42 
Pressure drop in reactor, psi (atm) 1.18 (0.08) Calculated 
CO2 product 
Flow rate, lb/hr (kg/hr) 921,716 (418,090) Simulated 
Temperature, °C 20 Reference45,48,49 
Pressure, psia (atm) 1,205 (82) Reference14 
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Appendix C3 Carbonator 
1) Pressure Drop Calculation for Carbonatora 
Δ P = Density*(9.8 m/s2)*height 
Density = [(Gas density)*(voidage)] + [(Solid density)*(1-voidage)] 
Density = (0.1 kg/m3)*0.99 + (3,500 kg/m3)*0.01 
Density = 35.1 kg/m3 
Δ P = (35.1 kg/m3)*(9.8 m/s2)*(30 m), assuming a reactor height of 30 m. 
 
 
 
a Shimuzu used a voidage of 0.82 for a bubbling fluidized bed reactor; a voidage of 0.99 
is assumed to be reasonable for the circulating fluidized bed reactor in this study 42,55 
 
2) Calculation of Temperature for Post-Boiler Flue Gas Entering Carbonatora  
(Cp,Flue,650C)*(MFlue)*(Δ T) = [(Cp,CaO,950C + Cp,CaO,650C)/2]*( MCaO)*(950 °C – 650 °C) 
(0.3 kJ/kg-°C)*(541 kg/s)*(Δ T) = [1.2 kJ/kg-°C]*(134 kg/s)*(300 °C) 
Δ T = 297 °C 
TFlue,in = 650 °C – 297 °C 
 
 
 
a The flue gas temperature after the economizer and before the SCR is 340 °C – for 
practical purposes, this temperature is employed in the process simulation instead of the 
calculated 353 °C to provide the required flue gas/CaO mixture temperature within 10 °C 
of 650 °C 
Δ P = 0.10 atm (1.47 psi) 
TFlue,in = 353 °C 
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3) Loss of Available CaO Due to Reaction with Post-boiler Flue Gas SO2  
 
Reaction: 
 
 
CaO consumed (see Table C.2)  
= (Mass flow rate of SO2 into carbonator)*[(CaO molar mass)/(SO2 molar mass)] 
= (16,473 lb/hr SO2)*[(56.1 grams/mol CaO)/(64.1 grams/mol SO2)] 
 
 
 
Percent of CaO into carbonator (see Table C.2) 
= 100*(Mass flow rate of CaO consumed)/(Mass flow rate of CaO into carbonator) 
= 100*(14,417 lb/hr CaO)/(1,066,793 lb/hr CaO) 
 
 
 
4) Pneumatic Transportation of CaOa,b,c 
Flue gas mass flow rate requirement 
= (Mass flow rate of CaO into carbonator)*(Required gas-to-solid ratio by weight) 
= (1,066,793 lb/hr CaO)*0.1 
= 106,679 lb/hr (48,380 kg/hr) from boiler flue gas required 
= (2.5 mbar/m)*(100 m) 
= 250 mbar 
= 3.6 psi (0.24 atm)a Gas-to-solid ratio assumed to be 0.1 by weight56 
b Pressure drop assumed to be 2.5 mbar/m56  
c Assume 100 m of ducting 
 
 
CaO + SO2 + ½ O2  CaSO4 
CaO consumed = 14,417 lb/hr CaO (6,540 kg/hr) 
1.4% of CaO into carbonator consumed  
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Appendix C4 Calciner 
1) Pressure Drop Calculation for Calcinera 
Δ P = Density*(9.8 m/s2)*height 
Density = [(Gas density)*(voidage)] + [(Solid density)*(1-voidage)] 
Density = (0.1 kg/m3)*0.99 + (2,830 kg/m3)*0.01 
Density = 28.4 kg/m3 
Δ P = (28.4 kg/m3)*(9.8 m/s2)*(30 m), assuming a reactor height of 30 m. 
 
 
 
a Shimuzu used a voidage of 0.82 for a bubbling fluidized bed reactor; a voidage of 0.99 
is assumed to be reasonable for the fluidized bed reactor in this study 42,55 
 
2) Calculation for Natural Gas 
The MW (thermal) value (Higher Heating Value) for natural gas, used in the calculation 
of net plant efficiency, was calculated by assuming 23,811 Btu/lb (55,391 kJ/kg) natural 
gas.  The natural gas was assumed to consist of 100% methane. 
3) Air Separation Unit Energy Use 
Based on value of 160 kWh/short ton (176 kWh/metric ton) O2 from Air Liquide.50 
4) Pneumatic Transportation of CaCO3a,b,c 
Flue gas mass flow rate requirement 
= (Mass flow rate of CaCO3 into carbonator)*(Required gas-to-solid ratio by weight) 
= (1,898,620 lb/hr CaCO3)*0.1 
= 189,862 lb/hr (86,121 kg/hr) gas stream required 
Use 206,058 lb/hr (93,468 kg/hr) from the CO2-rich recycle gas stream from the 
ChemCAD simulation (see Table E.3). 
= (2.5 mbar/m)*(100 m) 
Δ P = 0.08 atm (1.18 psi) 
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= 250 mbar 
= 3.6 psi (0.24 atm) 
a Gas-to-solid ratio assumed to be 0.1 by weight56 
b Pressure drop assumed to be 2.5 mbar/m56  
c Assume 100 m of ducting
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Appendix D Impacts of CO2 Capture on PC Power Plants (650 MWe) 
Table 15 Impacts of CO2 capture on PC power plant (650 MWe gross) 
Illinois PRB 70/30 PRB/IL blend Illinois mine-mouth 
  
PC PC-CC Increase PC PC-CC Increase PC PC-CC Increase PC PC-CC Increase 
Breakeven delivered Illinois coal cost against PRB coal cost of $27.5/short ton ($30.3/metric ton) 
Cost  
($/short 
ton) 
33.0 36.0 3.0 - - - 39.5  41.0  1.5 21.0 18.5 -2.5 
Cost  
($/metric 
ton) 
36.4 39.7 3.3 - - - 43.5 45.2 1.7 23.1 20.4 -2.7 
Atmospheric emissions  (short tons/hour) 
CO2 6.08E+02 6.08E+01 -5.47E+02 6.34E+02 6.34E+01 -5.71E+02 6.21E+02 6.21E+01 -5.59E+02 5.96E+02 5.96E+01 -5.36E+02 
SO2 7.20E-01 2.27E-03 -7.18E-01 7.41E-01 2.46E-03 -7.38E-01 7.32E-01 2.42E-03 -7.30E-01 7.18E-01 2.20E-03 -7.16E-01 
NOx 9.93E-02 9.75E-02 -1.80E-03 1.05E-01 1.03E-01 -2.00E-03 1.03E-01 1.01E-01 -2.00E-03 1.00E-01 9.83E-02 -1.70E-03 
PM 8.70E-02 4.35E-02 -4.35E-02 9.87E-02 4.93E-02 -4.94E-02 9.72E-02 4.86E-02 -4.86E-02 4.34E-02 2.17E-02 -2.17E-02 
Mercury 2.08E-06 2.08E-06 0 6.98E-06 6.98E-06 0 2.36E-06 2.36E-06 0 2.44E-06 2.44E-06 0 
Atmospheric emissions  (metric tons/hour) 
CO2 5.52E+02 5.52E+01 -4.96E+02 5.75E+02 5.75E+01 -5.18E+02 5.63E+02 5.63E+01 -5.07E+02 5.41E+02 5.41E+01 -4.86E+02 
SO2 6.53E-01 2.06E-03 -6.51E-01 6.72E-01 2.23E-03 -6.70E-01 6.64E-01 2.20E-03 -6.62E-01 6.51E-01 2.00E-03 -6.50E-01 
NOx 9.01E-02 8.85E-02 -1.63E-03 9.53E-02 9.34E-02 -1.81E-03 9.34E-02 9.16E-02 -1.81E-03 9.07E-02 8.92E-02 -1.54E-03 
PM 7.89E-02 3.95E-02 -3.95E-02 8.95E-02 4.47E-02 -4.48E-02 8.82E-02 4.41E-02 -4.41E-02 3.94E-02 1.97E-02 -1.97E-02 
Mercury 1.89E-06 1.89E-06 0 6.33E-06 6.33E-06 0 2.14E-06 2.14E-06 0 2.21E-06 2.21E-06 0 
Atmospheric emissions  (lb/MWh) 
CO2 2.06E+03 2.84E+02 -1.77E+03 2.11E+03 2.93E+02 -1.81E+03 2.06E+03 2.84E+02 -1.78E+03 2.02E+03 2.78E+02 -1.74E+03 
SO2 2.43E+00 1.07E-02 -2.43E+00 2.47E+00 1.14E-02 -2.45E+00 2.43E+00 1.11E-02 -2.43E+00 2.43E+00 1.03E-02 -2.40E+00 
NOx 3.35E-01 4.59E-01 1.23E-01 3.48E-01 4.78E-01 1.28E-01 3.42E-01 4.63E-01 1.22E-01 3.37E-01 4.59E-01 1.21E-01 
PM 2.93E-01 2.03E-01 -9.08E-02 3.29E-01 2.29E-01 -9.94E-02 3.24E-01 2.23E-01 -9.99E-02 1.46E-01 1.01E-01 -4.50E-02 
Mercury 7.03E-06 9.72E-06 2.69E-06 2.32E-05 3.24E-05 9.15E-06 7.85E-06 1.08E-05 3.00E-06 8.20E-06 9.72E-06 1.51E-06 
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Table 15 (cont.) 
Atmospheric emissions  (kg/MWh) 
CO2 9.32E+02 1.29E+02 -8.03E+02 9.56E+02 1.33E+02 -8.23E+02 9.36E+02 1.29E+02 -8.07E+02 9.17E+02 1.26E+02 -7.91E+02 
SO2 1.10E+00 4.85E-03 -1.10E+00 1.12E+00 5.16E-03 -1.11E+00 1.10E+00 5.05E-03 -1.10E+00 1.10E+00 4.65E-03 -1.09E+00 
NOx 1.52E-01 2.08E-01 5.58E-02 1.58E-01 2.17E-01 5.82E-02 1.55E-01 2.10E-01 5.52E-02 1.53E-01 2.08E-01 5.51E-02 
PM 1.33E-01 9.20E-02 -4.12E-02 1.49E-01 1.04E-01 -4.51E-02 1.47E-01 1.01E-01 -4.53E-02 6.62E-02 4.58E-02 -2.04E-02 
Mercury 3.19E-06 4.41E-06 1.22E-06 1.05E-05 1.47E-05 4.15E-06 3.56E-06 4.92E-06 1.36E-06 3.72E-06 4.41E-06 6.85E-07 
Capital required  ($/kW-net) 
Total 1.92E+03 3.27E+03 1.36E+03 1.93E+03 3.35E+03 1.42E+03 1.92E+03 3.30E+03 1.38E+03 2.00E+03 3.55E+03 1.54E+03 
Boiler 1.14E+03 1.58E+03 4.35E+02 1.15E+03 1.61E+03 4.55E+02 1.14E+03 1.58E+03 4.37E+02 1.18E+03 1.62E+03 4.41E+02 
CO2 0 6.45E+02 6.45E+02 0 6.58E+02 6.58E+02 0 6.49E+02 6.49E+02 0 8.20E+02 8.20E+02 
SO2  4.43E+02 5.92E+02 1.49E+02 2.30E+02 3.22E+02 9.15E+01 2.50E+02 3.40E+02 8.99E+01 4.76E+02 6.31E+02 1.55E+02 
NOx 2.81E+02 3.88E+02 1.07E+02 2.87E+02 4.00E+02 1.13E+02 2.83E+02 3.91E+02 1.08E+02 2.79E+02 3.84E+02 1.04E+02 
PM 5.01E+01 6.92E+01 1.91E+01 2.46E+02 3.43E+02 9.70E+01 2.44E+02 3.38E+02 9.34E+01 6.92E+01 9.50E+01 2.58E+01 
Mercury 0 0 0 1.04E+01 1.44E+01 4.00E+00 0 0 0 0 0 0 
Fixed O&M ($/MWh) 
Total 8.55E+00 1.43E+01 5.78E+00 7.41E+00 1.28E+01 5.41E+00 7.47E+00 1.27E+01 5.27E+00 8.94E+00 1.54E+01 6.46E+00 
Boiler 4.29E+00 5.92E+00 1.63E+00 4.29E+00 5.98E+00 1.69E+00 4.26E+00 5.89E+00 1.63E+00 4.45E+00 6.11E+00 1.66E+00 
CO2 0 2.44E+00 2.44E+00 0 2.48E+00 2.48E+00 0 2.44E+00 2.44E+00 0 3.05E+00 3.05E+00 
SO2  3.33E+00 4.67E+00 1.34E+00 1.88E+00 2.63E+00 7.50E-01 1.98E+00 2.71E+00 7.27E-01 3.53E+00 4.92E+00 1.39E+00 
NOx 7.31E-01 1.01E+00 2.79E-01 7.46E-01 1.04E+00 2.94E-01 7.36E-01 1.02E+00 2.84E-01 7.26E-01 9.97E-01 2.71E-01 
PM 2.05E-01 2.84E-01 7.90E-02 4.80E-01 6.68E-01 1.88E-01 4.82E-01 6.67E-01 1.85E-01 2.34E-01 3.21E-01 8.70E-02 
Mercury 0 0 0.00E+00 1.60E-02 2.20E-02 6.00E-03 0 0 0 0 0 0 
Variable O&M ($/MWh) 
Total 1.95E+01 4.88E+01 2.93E+01 1.96E+01 4.94E+01 2.98E+01 1.89E+01 4.92E+01 3.02E+01 1.85E+01 4.37E+01 2.52E+01 
Boiler 1.51E+01 2.65E+00 -1.25E+01 1.65E+01 3.38E+00 -1.31E+01 1.62E+01 3.60E+00 -1.26E+01 1.23E+01 -2.06E-01 -1.25E+01 
CO2 0 3.99E+01 3.99E+01 0 4.16E+01 4.16E+01 0 4.20E+01 4.20E+01 0 3.87E+01 3.87E+01 
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Table 15 (cont.) 
SO2  2.82E+00 4.13E+00 1.31E+00 4.78E-01 7.17E-01 2.39E-01 1.31E+00 1.61E+00 2.95E-01 3.85E+00 5.52E+00 1.68E+00 
NOx 9.06E-01 1.25E+00 3.46E-01 9.46E-01 1.32E+00 3.73E-01 9.26E-01 1.28E+00 3.54E-01 8.88E-01 1.22E+00 3.32E-01 
PM 6.20E-01 8.56E-01 2.36E-01 4.74E-01 6.60E-01 1.87E-01 5.30E-01 7.32E-01 2.03E-01 1.42E+00 1.95E+00 5.31E-01 
Mercury 0 0 0 1.19E+00 1.66E+00 4.69E-01 0 0 0 0 0 0 
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Table 16 Impacts of CO2 capture on PC power plant (175 MWe gross) 
Illinois PRB 70/30 PRB/IL blend Illinois mine-mouth   
  PC PC-CC Increase PC PC-CC Increase PC PC-CC Increase PC PC-CC Increase 
Breakeven delivered Illinois coal cost against PRB coal cost of $27.5/short ton ($30.3/metric ton) 
Cost  
($/short 
ton) 
21.0 21.5 0.5 - - - 36.0 39.5   6.5 1.5 -5.0 
Cost  
($/metric 
ton) 
23.1 23.7 0.6 - - - 39.7 43.5 0.0 7.2 1.7 ‐5.5 
Atmospheric emissions (short tons/hour) 
CO2 1.64E+02 1.64E+01 -1.48E+02 1.71E+02 1.71E+01 -1.54E+02 1.67E+02 1.67E+01 -1.50E+02 1.61E+02 1.61E+01 -1.44E+02 
SO2 1.94E-01 6.10E-04 -1.93E-01 2.00E-01 6.60E-04 -1.99E-01 1.97E-01 6.50E-04 -1.97E-01 1.93E-01 5.90E-04 -1.93E-01 
NOx 2.26E-02 2.22E-02 -4.00E-04 2.39E-02 2.34E-02 -5.00E-04 2.34E-02 2.30E-02 -4.00E-04 2.28E-02 2.24E-02 -4.00E-04 
PM 2.34E-02 1.17E-02 -1.17E-02 2.66E-02 1.00E-05 -2.66E-02 2.62E-02 1.31E-02 -1.31E-02 1.17E-02 5.84E-03 -5.84E-03 
Mercury 5.61E-07 5.61E-07 0 1.88E-06 1.88E-06 -2.00E-09 8.61E-07 6.36E-07 -2.25E-07 6.56E-07 6.56E-07 0 
Atmospheric emissions (metric tons/hour) 
CO2 1.49E+02 1.49E+01 -1.34E+02 1.55E+02 1.55E+01 -1.40E+02 1.52E+02 1.52E+01 -1.36E+02 1.46E+02 1.46E+01 -1.31E+02 
SO2 1.76E-01 5.53E-04 -1.75E-01 1.81E-01 5.99E-04 -1.81E-01 1.79E-01 5.90E-04 -1.79E-01 1.75E-01 5.35E-04 -1.75E-01 
NOx 2.05E-02 2.01E-02 -3.63E-04 2.17E-02 2.12E-02 -4.54E-04 2.12E-02 2.09E-02 -3.63E-04 2.07E-02 2.03E-02 -3.63E-04 
PM 2.12E-02 1.06E-02 -1.06E-02 2.41E-02 9.07E-06 -2.41E-02 2.38E-02 1.19E-02 -1.19E-02 1.06E-02 5.30E-03 -5.30E-03 
Mercury 5.09E-07 5.09E-07 0 1.71E-06 1.71E-06 -1.81E-09 7.81E-07 5.77E-07 -2.04E-07 5.95E-07 5.95E-07 0 
Atmospheric emissions  (lb/MWh) 
CO2 2.84E+03 2.84E+02 -2.56E+03 2.91E+03 2.91E+02 -2.62E+03 2.84E+03 2.84E+02 -2.56E+03 2.78E+03 2.78E+02 -2.51E+03 
SO2 2.43E+00 1.06E-02 -2.43E+00 2.45E+00 1.13E-02 -2.43E+00 2.43E+00 1.11E-02 -2.40E+00 2.43E+00 1.03E-02 -2.43E+00 
NOx 2.82E-01 3.84E-01 1.02E-01 2.93E-01 3.99E-01 1.07E-01 2.87E-01 3.90E-01 1.03E-01 2.87E-01 3.88E-01 1.01E-01 
PM 2.93E-01 2.03E-01 -9.02E-02 3.26E-01 1.10E-04 -3.26E-01 3.20E-01 2.23E-01 -9.90E-02 1.47E-01 1.01E-01 -4.59E-02 
Mercury 7.01E-06 9.70E-06 2.69E-06 2.32E-05 3.22E-05 9.06E-06 1.05E-05 1.08E-05 2.29E-07 8.27E-06 1.14E-05 3.13E-06 
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Table 16 (cont.) 
Atmospheric emissions  (kg/MWh) 
CO2 1.29E+03 1.29E+02 -1.16E+03 1.32E+03 1.32E+02 -1.19E+03 1.29E+03 1.29E+02 -1.16E+03 1.26E+03 1.26E+02 -1.14E+03 
SO2 1.10E+00 4.81E-03 -1.10E+00 1.11E+00 5.13E-03 -1.10E+00 1.10E+00 5.02E-03 -1.09E+00 1.10E+00 4.66E-03 -1.10E+00 
NOx 1.28E-01 1.74E-01 4.61E-02 1.33E-01 1.81E-01 4.85E-02 1.30E-01 1.77E-01 4.68E-02 1.30E-01 1.76E-01 4.60E-02 
PM 1.33E-01 9.20E-02 -4.09E-02 1.48E-01 5.00E-05 -1.48E-01 1.45E-01 1.01E-01 -4.49E-02 6.67E-02 4.59E-02 -2.08E-02 
Mercury 3.18E-06 4.40E-06 1.22E-06 1.05E-05 1.46E-05 4.11E-06 4.78E-06 4.88E-06 1.04E-07 3.75E-06 5.16E-06 1.42E-06 
Capital required  ($/kW-net) 
Total 2.92E+03 4.80E+03 1.88E+03 2.76E+03 4.59E+03 1.83E+03 2.76E+03 4.54E+03 1.78E+03 3.08E+03 5.19E+03 2.11E+03 
Boiler 1.54E+03 2.13E+03 5.90E+02 1.54E+03 2.15E+03 6.09E+02 1.53E+03 2.11E+03 5.85E+02 1.60E+03 2.21E+03 6.05E+02 
CO2 0 7.35E+02 7.35E+02 0 7.44E+02 7.44E+02 0 7.34E+02 7.34E+02 0 9.36E+02 9.36E+02 
SO2  8.83E+02 1.24E+03 3.59E+02 4.15E+02 5.80E+02 1.65E+02 4.59E+02 6.23E+02 1.64E+02 9.57E+02 1.34E+03 3.79E+02 
NOx 4.30E+02 5.95E+02 1.65E+02 4.35E+02 6.07E+02 1.72E+02 4.30E+02 5.94E+02 1.64E+02 4.28E+02 5.89E+02 1.61E+02 
PM 7.08E+01 9.81E+01 2.72E+01 3.49E+02 4.87E+02 1.38E+02 3.47E+02 4.79E+02 1.33E+02 9.45E+01 1.30E+02 3.57E+01 
Mercury 0 0 0 1.58E+01 2.18E+01 6.07E+00 0 0 0 0 0 0 
Fixed O&M ($/MWh) 
Total 1.93E+01 3.03E+01 1.10E+01 1.62E+01 2.60E+01 9.85E+00 1.63E+01 2.59E+01 9.59E+00 2.01E+01 3.20E+01 1.19E+01 
Boiler 9.57E+00 1.33E+01 3.68E+00 9.45E+00 1.32E+01 3.72E+00 9.42E+00 1.30E+01 3.60E+00 9.90E+00 1.36E+01 3.74E+00 
CO2 0.00E+00 3.44E+00 3.44E+00 0.00E+00 3.46E+00 3.46E+00 0.00E+00 3.42E+00 3.42E+00 0.00E+00 4.15E+00 4.15E+00 
SO2  7.91E+00 1.11E+01 3.20E+00 4.25E+00 5.94E+00 1.69E+00 4.49E+00 6.14E+00 1.65E+00 8.39E+00 1.17E+01 3.31E+00 
NOx 1.27E+00 1.76E+00 4.92E-01 1.28E+00 1.79E+00 5.08E-01 1.27E+00 1.75E+00 4.80E-01 1.26E+00 1.74E+00 4.80E-01 
PM 5.36E-01 7.42E-01 2.06E-01 1.14E+00 1.58E+00 4.40E-01 1.14E+00 1.58E+00 4.40E-01 5.80E-01 7.98E-01 2.18E-01 
Mercury 0 0 0 5.80E-02 8.10E-02 2.30E-02 0 0 0 0 0 0 
Variable O&M ($/MWh) 
Total 1.95E+01 5.34E+01 3.38E+01 1.95E+01 5.34E+01 3.39E+01 1.89E+01 5.34E+01 3.44E+01 1.85E+01 4.83E+01 2.98E+01 
Boiler 1.45E+01 -3.80E+00 -1.83E+01 1.62E+01 -2.65E+00 -1.89E+01 1.60E+01 -2.23E+00 -1.82E+01 1.15E+01 -7.08E+00 -1.86E+01 
CO2 0 4.99E+01 4.99E+01 0 5.14E+01 5.14E+01 0 5.17E+01 5.17E+01 0 4.89E+01 4.89E+01 
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Table 16 (cont.) 
SO2  3.18E+00 4.70E+00 1.52E+00 5.73E-01 8.50E-01 2.77E-01 1.42E+00 1.76E+00 3.37E-01 4.30E+00 6.22E+00 1.93E+00 
NOx 9.40E-01 1.30E+00 3.61E-01 9.77E-01 1.36E+00 3.86E-01 9.56E-01 1.32E+00 3.66E-01 9.26E-01 1.28E+00 3.49E-01 
PM 9.09E-01 1.26E+00 3.50E-01 5.22E-01 7.29E-01 2.06E-01 5.78E-01 7.99E-01 2.21E-01 1.83E+00 2.51E+00 6.88E-01 
Mercury 0 0 0 1.19E+00 1.66E+00 4.70E-01 0 0 0 0 0 0 
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Appendix E Power Plant with 533 MWe (Gross) Output Installed with the LSCC Process – Simulation Results of Mass and 
Energy Balance Calculations from ChemCAD 
 
Note: SSH = Superheater; RHSH = Reheat Superheater; PSH = Pre-superheater 
Figure 23 Boiler
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Table 17 Boiler stream conditions 
Stream number 1 2 3 4 5 101 102 103
Mass flow, kg/hr 1,549,018 1,947,993 1,947,993 1,569,269 1,947,993 1,798,857 163,657 1,798,857
Mass flow, lb/hr 89,943 89,943 89,943 89,943 89,943 89,943 89,943 89,943
Temperature, °C 379.3 896.0 340.0 339.5 619.4 17.2 19.4 26.4
Pressure, atm 166.03 1.03 0.99 0.85 1.01 0.98 1.08 1.08
Pressure, psia 2440.0 15.1 14.5 12.5 14.8 14.4 15.9 15.9
Vapor mass fraction 1.000 1.000 1.000 1.000 1.000 1.000 0 1.000
Enthalpy, MJ/hr -2.040E+07 -2.926E+06 -4.217E+06 -9.473E+05 -3.588E+06 -1.462E+04 -3.516E+05 2.026E+03
Enthalpy, mmBtu/hr -1.933E+04 -2.773E+03 -3.997E+03 -8.979E+02 -3.401E+03 -1.386E+01 -3.333E+02 1.921E+00
Stream number 104 105 106 107 108 109 120 121
Mass flow, kg/hr 89,943 1,708,914 1,708,914 253,600 1,962,505 1,947,993 14,558 1,947,993
Mass flow, lb/hr 198,324 3,768,155 3,768,155 559,188 4,327,325 4,295,324 32,099 4,295,324
Temperature, °C 26.4 26.4 217.7 12.5 189.2 1,315.6 1,315.6 1,251.7
Pressure, atm 1.08 1.08 1.08 1.08 1.08 1.04 1.04 1.04
Pressure, psia 15.9 15.9 15.9 15.9 15.9 15.3 15.3 15.3
Vapor mass fraction 1.000 1.000 1.000 0.358 0.922 1.000 0 1.000
Enthalpy, MJ/hr 1.013E+02 1.925E+03 3.359E+05 -3.515E+05 -1.563E+04 -1.866E+06 -4.208E+04 -2.030E+06
Enthalpy, mmBtu/hr 9.603E-02 1.825E+00 3.184E+02 -3.332E+02 -1.481E+01 -1.768E+03 -3.988E+01 -1.924E+03
Stream number 124 126 128 129 130 131 134 136
Mass flow, kg/hr 1,947,993 1,569,269 1,549,018 1,549,018 0 1,549,018 1,550,044 1,370,411
Mass flow, lb/hr 4,295,324 3,460,239 3,415,584 3,415,584 0 3,415,584 3,417,847 3,021,756
Temperature, °C 482.0 146.1 294.5 294.5 0 351.7 538.0 538.0
Pressure, atm 1.00 0.83 190.53 166.71 0 166.71 164.31 37.11
Pressure, psia 14.7 12.2 2800.0 2450.0 0 2450.0 2414.7 545.4
Vapor mass fraction 1.000 1.000 0 0 0 1.000 1.000 1.000
Enthalpy, MJ/hr -3.903E+06 -1.281E+06 -2.271E+07 -2.271E+07 0 -2.071E+07 -1.950E+07 -1.706E+07
Enthalpy, mmBtu/hr -3.699E+03 -1.214E+03 -2.152E+04 -2.152E+04 0 -1.963E+04 -1.849E+04 -1.617E+04
Stream number 270 271
Mass flow, kg/hr 1,549,018 1,370,411
Mass flow, lb/hr 3,415,584 3,021,756
Temperature, °C 255.69 333.90
Pressure, atm 190.53 41.07
Pressure, psia 2800.0 603.6
Vapor mass fraction 0 1.000
Enthalpy, MJ/hr -2.302E+07 -1.773E+07
Enthalpy, mmBtu/hr -2.182E+04 -1.680E+04
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Figure 24 Steam cycle
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Table 18 Stream conditions for steam cycle 
Stream number 1 2 3 4 5 6 7 8
Mass flow, kg/hr 2,898,909 1,373,024 1,373,024 1,373,024 1,373,024 1,373,024 1,525,885 836,878
Mass flow, lb/hr 6,392,094 3,027,518 3,027,518 3,027,518 3,027,518 3,027,518 3,364,576 1,845,316
Temperature, °C 333.9 375.2 42.1 36.7 35.8 36.9 333.9 538.0
Pressure, atm 41.10 11.90 0.10 0.10 0.10 40.00 41.10 164.30
Pressure, psia 604.0 174.9 1.5 1.5 1.5 587.8 604.0 2,414.6
Vapor mass fraction 1.000 1.000 0.923 0.927 0 0 1.000 1.000
Enthalpy, MJ/hr -3.749E+07 -1.754E+07 -1.866E+07 -1.866E+07 -2.174E+07 -2.173E+07 -1.974E+07 -1.053E+07
Enthalpy, mmBtu/hr -3.554E+04 -1.663E+04 -1.769E+04 -1.769E+04 -2.060E+04 -2.060E+04 -1.871E+04 -9.981E+03
Stream number 9 10 11 12 13 14 15 16
Mass flow, kg/hr 265,352 1,549,018 1,349,891 2,898,909 247,661 1,084,539 836,878 247,661
Mass flow, lb/hr 585,100 3,415,585 2,976,509 6,392,093 546,093 2,391,409 1,845,316 546,093
Temperature, °C 538.0 538.0 538.0 251.1 538.0 538.0 255.7 255.7
Pressure, atm 164.30 164.30 164.30 40.00 164.30 164.30 190.50 190.50
Pressure, psia 2,414.6 2,414.6 2,414.6 587.8 2,414.6 2,414.6 2,799.6 2,799.6
Vapor mass fraction 1.000 1.000 1.000 0 1.000 1.000 0 0
Enthalpy, MJ/hr -3.339E+06 -1.949E+07 -1.699E+07 -4.315E+07 -3.116E+06 -1.365E+07 -1.244E+07 -3.681E+06
Enthalpy, mmBtu/hr -3.165E+03 -1.847E+04 -1.610E+04 -4.090E+04 -2.954E+03 -1.293E+04 -1.179E+04 -3.488E+03
Stream number 20 21 22 23 24 36 102 108
Mass flow, kg/hr 2,898,909 1,549,018 1,349,891 1,084,539 265,352 1,373,024 2,898,909 1,373,024
Mass flow, lb/hr 6,392,093 3,415,584 2,976,509 2,391,409 585,100 3,027,518 6,392,094 3,027,518
Temperature, °C 255.7 255.7 255.7 255.7 255.7 538.0 538.0 538.0
Pressure, atm 190.50 190.50 190.50 190.50 190.50 37.10 164.30 37.10
Pressure, psia 2,799.6 2,799.6 2,799.6 2,799.6 2,799.6 545.2 2,414.6 545.2
Vapor mass fraction 0 0 0 0 0 1.000 1.000 1.000
Enthalpy, MJ/hr -4.308E+07 -2.302E+07 -2.006E+07 -1.612E+07 -3.943E+06 -1.709E+07 -3.648E+07 -1.709E+07
Enthalpy, mmBtu/hr -4.083E+04 -2.182E+04 -1.901E+04 -1.528E+04 -3.738E+03 -1.620E+04 -3.457E+04 -1.620E+04
Stream number 171
Mass flow, kg/hr 1,373,024
Mass flow, lb/hr 3,027,518
Temperature, °C 333.9
Pressure, atm 41.10
Pressure, psia 604.0
Vapor mass fraction 1.000
Enthalpy, MJ/hr -1.776E+07
Enthalpy, mmBtu/hr -1.683E+04  
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Figure 25 LSCC process
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Table 19 Stream conditions for LSCC process 
Stream number 1 2 3 4 5 6 7 8
Mass flow, kg/hr 2,430,470 2,430,470 2,430,470 836,878 861,201 0 836,878 1,152,959
Mass flow, lb/hr 5,359,186 5,359,186 5,359,186 1,845,316 1,898,948 0 1,845,316 2,542,275
Temperature, °C 634.9 1,165.5 650.0 255.0 650.0 0 538.0 950.0
Pressure, atm 0.99 0.89 0.87 190.53 0.86 0 164.31 1.00
Pressure, psia 14.5 13.1 12.8 2,800.0 12.6 0 2,414.7 14.7
Vapor mass fraction 0.801 0.646 0.646 0 0 0 1.000 0.581
Enthalpy, MJ/hr -1.357E+07 -1.357E+07 -1.548E+07 -1.244E+07 -1.510E+07 0 -1.053E+07 -1.486E+07
Enthalpy, mmBtu/hr -1.286E+04 -1.286E+04 -1.468E+04 -1.179E+04 -1.431E+04 0 -9.981E+03 -1.409E+04
Stream number 9 10 11 12 13 14 15 16
Mass flow, kg/hr 198,311 670,444 37,875 861,201 0 291,759 861,201 160,436
Mass flow, lb/hr 437,275 1,478,329 83,514 1,898,948 0 643,328 1,898,948 353,761
Temperature, °C 29.2 950.0 27.0 650.0 0 3,586.8 649.9 30.5
Pressure, atm 1.08 0.98 1.08 0.86 0 1.08 0.96 1.08
Pressure, psia 15.9 14.4 15.9 12.6 0 15.9 14.1 15.9
Vapor mass fraction 1.000 1.000 1.000 0 0 1.000 0 1.000
Enthalpy, MJ/hr -1.758E+05 -5.505E+06 -1.766E+05 -1.510E+07 0 -9.911E+05 -1.510E+07 7.781E+02
Enthalpy, mmBtu/hr -1.666E+02 -5.217E+03 -1.674E+02 -1.431E+04 0 -9.394E+02 -1.431E+04 7.375E-01
Stream number 17 18 19 20 21 22 23 24
Mass flow, kg/hr 1,152,959 670,444 490,614 482,516 93,450 265,352 265,352 291,761
Mass flow, lb/hr 2,542,275 1,478,329 1,081,804 1,063,948 206,058 585,100 585,100 643,333
Temperature, °C 1,408.6 260.5 104.8 950.0 104.8 255.0 538.0 49.3
Pressure, atm 1.08 0.97 1.08 0.98 1.08 190.53 164.31 1.08
Pressure, psia 15.9 14.3 15.9 14.4 15.9 2,800.0 2,414.7 15.9
Vapor mass fraction 0.253 1.000 1.000 0 1.000 0 1.000 1.000
Enthalpy, MJ/hr -1.609E+07 -6.110E+06 -4.281E+06 -9.358E+06 -8.153E+05 -3.944E+06 -3.339E+06 -9.911E+05
Enthalpy, mmBtu/hr -1.525E+04 -5.791E+03 -4.057E+03 -8.869E+03 -7.728E+02 -3.739E+03 -3.165E+03 -9.394E+02
Stream number 25 26 27 28 29 30 31 32
Mass flow, kg/hr 584,064 584,064 86,379 247,661 1,569,269 1,569,269 247,661 670,444
Mass flow, lb/hr 1,287,862 1,287,862 190,466 546,093 3,460,238 3,460,238 546,093 1,478,329
Temperature, °C 94.0 104.8 94.0 255.0 650.0 340.3 538.0 94.0
Pressure, atm 0.95 1.08 0.95 190.53 0.86 0.85 164.31 0.97
Pressure, psia 14.0 15.9 14.0 2,800.0 12.6 12.5 2,414.7 14.3
Vapor mass fraction 1.000 1.000 0.061 0 1.000 1.000 1.000 1.000
Enthalpy, MJ/hr -5.102E+06 -5.096E+06 -1.317E+06 -3.681E+06 -3.809E+05 -9.460E+05 -3.116E+06 -6.234E+06
Enthalpy, mmBtu/hr -4.835E+03 -4.830E+03 -1.248E+03 -3.489E+03 -3.610E+02 -8.966E+02 -2.954E+03 -5.908E+03
Stream number 137
Mass flow, kg/hr 1,947,954
Mass flow, lb/hr 4,295,239
Temperature, °C 340.0
Pressure, atm 0.99
Pressure, psia 14.5
Vapor mass fraction 1.000
Enthalpy, MJ/hr -4.216E+06
Enthalpy, mmBtu/hr -3.996E+03  
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Note: Compressor efficiency assumed at 85% 
Figure 26 CO2 compression 
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Table 20 Stream conditions for CO2 compression 
Stream number 1 2 3 4 5 8 9
Mass flow, kg/hr 490,614 490,614 490,614 490,614 490,614 490,614 490,614
Mass flow, lb/hr 1,081,804 1,081,804 1,081,804 1,081,804 1,081,804 1,081,804 1,081,804
Temperature, °C 104.8 340.7 40.0 40.0 209.5 68.5 20.0
Pressure, atm 1.08 9.87 9.87 59.22 59.22 81.91 81.91
Pressure, psia 15.8 145.0 145.0 870.2 870.2 1,203.8 1,203.8
Vapor mass fraction 1.000 1.000 1.000 1.000 1.000 1.000 0
Enthalpy, MJ/hr -4.281E+06 -4.164E+06 -4.313E+06 -4.340E+06 -4.241E+06 -4.332E+06 -4.434E+06
Enthalpy, mmBtu/hr -4.057E+03 -3.947E+03 -4.088E+03 -4.114E+03 -4.019E+03 -4.106E+03 -4.202E+03   
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Figure 27 Compression of different gas streams  
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Table 21 Stream conditions for compression of different gas streams 
Stream number 1 2 3 4 7 8 11 12
Mass flow, kg/hr 1,569,269 1,569,269 48,252 48,252 1,569,269 50,213 93,450 93,450
Mass flow, lb/hr 3,460,239 3,460,239 106,396 106,396 3,460,239 110,719 206,058 206,058
Temperature, °C 146.1 167.9 340.0 381.0 167.9 30.5 104.8 123.8
Pressure, atm 0.83 0.97 0.99 1.23 0.97 1.08 1.08 1.32
Pressure, psia 12.2 14.3 14.5 18.1 14.3 15.8 15.8 19.4
Vapor mass fraction 1.000 1.000 1.000 1.000 1.000 1.000 1.000 1.000
Enthalpy, MJ/hr -1.281E+06 -1.244E+06 -1.044E+05 -1.022E+05 -1.244E+06 2.435E+02 -8.153E+05 -8.137E+05
Enthalpy, mmBtu/hr -1.214E+03 -1.179E+03 -9.898E+01 -9.688E+01 -1.179E+03 2.308E-01 -7.728E+02 -7.712E+02   
